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ABSTRACT 

Shale oil reservoirs are prolific on the short term due to hydraulic fracturing and horizontal drilling 

but experience significant production decline, leading to poor ultimate recovery and leaving 

billions of barrels of oil buried in the ground. In this study, a systematic multi-scale investigation 

of an enhanced oil recovery (EOR) process using relatively inexpensive silicon dioxide 

nanoparticles and carbon dioxide for shale oil reservoirs was conducted. Using the Tuscaloosa 

Marine Shale (TMS) as a case study, aqueous dispersions of nanosilica in conjunction with CO2 

were investigated at nano-to-core scales.  

At the nanoscale, atomic force microscope was used to investigate the wettability 

modification performance of silica nanoparticles by measuring adhesion force between specific 

functional groups and pure minerals in nanofluid media. At the micron-scale, the roles of silica-

based nanofluids in fluid/fluid interactions and rock/fluid interactions were distinguished by 

characterizing interfacial tension and advancing contact angle using optical tensiometer and the 

dual-drop-dual-crystal technique, respectively. Core-scale investigations consisted of: high-

pressure CO2 EOR coreflood experiment, reservoir rock/fluid characterization, physics-based 

modelling of capillary pressure and relative permeability using nano-to-core scale experimental 

data, and compositional simulation.  

Results showed that hydrophilic silica nanoparticle (HNP) dispersions can effectively 

improve nanoscale wettability alteration (towards less oil-wet state) by decreasing adhesion force 

and work required to spontaneously desorb dominant functional groups in TMS crude oil from 

pure mineral surfaces. However, the grafting of aminosilanes on the surfaces of nanosilica 

generally increased adhesion force. At the micron-scale, HNP solutions showed great potential for 

enhancing oil recovery in TMS through wettability modification but not interfacial tension 
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reduction, whereas APTES-modified nanoparticle dispersions showed promising EOR potential 

through both mechanisms. At the core scale, coreflood experiment and compositional simulation 

showed that up to 30% of oil-in-place can be recovered with CO2 EOR in TMS. The nano-to-

micron scale mechanisms of silica-based nanofluids translated into a notable decrease in capillary 

pressure, an increase in oil relative permeability and a decrease in water relative permeability. 

However, the strongly-water state in TMS masked the synergistic effects of nanoparticle-assisted 

CO2 EOR and thus helped revealed the initial wetting state as an important EOR screening criterion 

for shale oil reservoirs.   
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1. INTRODUCTION 

1.1. Background 

Oil production from unconventional shale oil reservoirs in the U.S. as of 2019 accounted for more 

than 60% of the nation’s oil production, and currently, U.S. is the world’s largest oil producer. 

Such growth metrics are expected to improve as shale exploration and production continues. Multi-

stage hydraulic fracturing and horizontal drilling are the technologies responsible for the enormous 

success of shale oil field development. However, there are enormous challenges. Wells drilled in 

unconventional reservoirs suffer at least 70% decline in production after one or two years and 

reliable estimates in Bakken, Eagle Ford and Tuscaloosa show that only 3-10% of oil-in-place may 

be recovered. Second, hydraulic fracturing typically requires at least 4 million gallons of fresh 

water per well, equivalent to bath of 80, 000 people, stressing water supplies in American states 

and causing significant environmental concerns. In other words, should such enhanced shale oil 

recovery methods remain unfound, billions of oil barrels will be left buried in the ground at a time 

when conventional reservoirs around the world have been substantially depleted. As a result, EOR 

research efforts at lab-to-field scales have intensified. 

The subsurface injection of CO2 to improve oil production is an established EOR technique for 

conventional oil reservoirs, and while it is gaining significant attention in the shale oil industry, it 

remains fairly novel. At certain pressure and temperature conditions, CO2 can become one with 

the oil phase by obtaining miscibility and eliminating interfacial tension. At the immiscible state, 

CO2 can reduce oil viscosity and promote mass transfer to boost oil production. Yet, the reservoir 

containment of the gas and premature gas breakthrough especially in the presence of natural 

fractures in shale rocks present colossal challenges. To add, scientific understanding of oil 
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recovery mechanisms in shale oil is presently limited. Similarly, silica nanoparticle dispersions 

appear as a promising EOR alternative: silicon dioxide is one of earth’s most abundant minerals 

and is environmentally friendly, with excellent material and chemical properties in the nanoparticle 

regime. Yet, nanofluid EOR remains a novel technique for oilfield recovery applications – for 

conventional and unconventional oil reservoirs – partly because there is no general consensus on 

fundamental oil release mechanisms across scales. Lastly, used herein as a shale oil reservoir case 

study, the Tuscaloosa Marine Shale (TMS) holds up to seven billion barrels of oil in recoverable 

reserves, but has experienced very few drilling and production activities, let alone EOR studies – 

either on lab or field scale. 

1.2. Motivation 

The motivation for this research is presented by summarizing the comprehensive review of 

literature, as follows: 

• Micron-to-core scale measurements such as contact angle, Amott index, capillary pressure 

and relative permeability have been the focus of wettability studies for decades but these 

indicators give little or no information about the direct role of surface and intermolecular 

forces which govern wettability at the atomic to nano scales 

• Capillary pressure and relative permeability are the main rock/fluid interaction parameters 

used in predicting recovery factor at the core-scale – and beyond – but the relationship 

between these properties in the context of shale oil recovery (primary production or EOR) 

are yet to be studied in great detail 

• The potential of CO2 EOR in tight oil reservoirs (studied from lab tests, numerical 

simulation and field pilot experiments) is promising but fairly novel, partly because the 

industry is just beginning to realize how much oil can be obtained from tight oil reservoirs 
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and fundamental scientific understanding such as impact of diffusion and capillary 

pressure in these types of reservoirs is not fully understood 

• Nanofluid injection have been tested both at lab and field scales on high permeability (̴ 

200 mD) sandstone rocks and heavy oils, with optimistic results, but no significant studies 

on naturally fractured formations, low-permeability and ultra-low-permeability shale oil 

reservoirs. In what few cases have been reported in shale oil, scientific evidence of oil 

release mechanisms at the nanoscale are yet to be revealed 

• Lab-to-field studies of nanofluid-assisted CO2 EOR have been reported with optimistic 

results, but fundamental gaps in knowledge such as the impact of mineralogical 

composition and crude oil functional species as well as modelling of relative permeability 

and capillary pressure based on reliable experimental data appears missing 

• Lastly, Tuscaloosa Marine Shale (TMS) which is the focus of this study holds up to seven 

billion barrels of oil recoverable reserves, but has experienced very few drilling and 

production activities, let alone EOR studies – either on lab or field scale 

1.3. Research Objectives 

Consequently, a systematic, multiscale investigation of nano-enhanced CO2 recovery method for 

shale oil reservoirs was conducted, with a detailed case study of the Tuscaloosa Marine Shale. The 

main objectives of this research are listed as follows: 

1. Systematically investigate silica-based nanofluid as an EOR technique, at the nano-, 

micron - and core scales: This was done using the atomic force microscope, scanning 

electron microscope, zeta potential measurements, interfacial tension measurements, 

precise contact angle measurements using the DDDC technique and analytical models.  
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Pure minerals, crude oil functional species as well as actual rocks and fluids from TMS 

were used.  

2. Methodically study immiscible CO2 injection EOR, at the core scale: This was 

accomplished by conducting high-pressure coreflood experiment and core-scale 

compositional simulation using TMS core as well as rock and fluid properties. 

3. Thoroughly examine the core-scale EOR potential of nanofluid EOR combined with 

CO2 EOR for TMS: This was conducted using key experimental data gathered from 

steps 1-2 in addition to characterizing TMS rocks and fluids, developing and 

implementing workflows to predict relative permeability and capillary pressure as 

function of micron-to-core scale data, and conducting core-scale compositional 

simulations 

The following distinguishes this research from previous studies: 

• Nanoscale investigation of silica nanofluid EOR using the atomic force microscope 

• Precise wettability characterization measurements of contact angle in TMS rock/fluid 

system using the DDDC technique 

• High-pressure coreflood and core-scale compositional simulation of CO2 EOR in TMS 

• Development and implementation of a new workflow to predict relative permeability and 

capillary pressure as a function of fluid/fluid interaction and rock/fluid interaction 

properties such as interfacial tension and DDDC-measured contact angle in shale oil 

rock/fluid system respectively 

• Validation of core-scale capillary pressure and relative permeability models with well-

scale petrophysical log data in shale oil reservoirs 
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The pyramid diagram below (Figure 1.1) further illustrates the multi-scale nature of this 

project. It is important to conduct investigations across length scales to clearly identify the 

consistency in the behavior of mechanisms (or lack thereof) of the nano-CO2 EOR process and 

also the regularity of favorable conditions. Thus, from a length scale perspective, this research is 

split into specific components which are described in more detail in the next three sub-sections. 

 

Figure 1.1. Diagrammatic illustration of research approach 

1.3.1. Nanoscale Characterization of Nanofluid Enhanced Oil Recovery  

The objective of this study is to investigate the wettability alteration performance of silicon dioxide 

nanoparticles at the nanoscale and expand current scientific understanding in the context of 

nanofluid EOR. Specifically, it addresses the following research questions: 

• Which mechanisms indicate the EOR potential of silica nanoparticle dispersions at the 

nanoscale? 
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• How does rock mineralogical composition affect the performance of silica-based nanofluid 

EOR at the nanometer scale? 

•  Which type of crude oil functional species are responsive to silica-based nanofluid EOR 

at the surface level? 

• What is the impact of surface functionalization of hydrophilic silica nanoparticles on 

nanoscale performance of silica-based nanofluid EOR? 

Even though mechanisms of nanofluid EOR have been identified at the micron-to-field scales 

and in high permeability rocks (tens of mD), its oil displacement and mobilization potential at the 

nanoscale - which is the domain of tight rocks – is not well understood.   

The atomic force microscope (AFM), a high-resolution analytical tool, was the main tool used 

to meet the objective of this study. Using AFM, adhesion force and the work of adhesion were 

characterized in nanofluid dispersions when mineral substrates were brought into contact with 

polar and non-polar functional groups. Two types of nanoparticles dispersed in 1 wt% NaCl were 

tested: untreated, hydrophilic silica nanoparticles (HNP) and surface-treated silica nanoparticles 

(NNP). This study was conducted as part of a research initiative to improve oil recovery in 

Tuscaloosa Marine Shale (TMS), so mineral substrates, chemical groups and brine formulation 

were based on TMS rock and fluid data. Further, the dynamics of nanoparticle adsorption is 

revealed.  

1.3.2. Micron-scale Characterization of Nanofluid Enhanced Oil Recovery  

The previous section stated that the atomic force microscope is used to investigate the effects of 

hydrophilic and functionalized silica nanoparticles on adhesion force of alkane, aromatic and 

carboxylate compounds to muscovite mica and quart minerals. The changes in adhesion force, 

according to Young- Dupre (Young, 1805) equation can be identified from corresponding changes 
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in interfacial tension (IFT) and contact angle. At the nanoscale, it is difficult to evaluate and 

differentiate the role of nanofluids in fluid/fluid interactions (interfacial tension effects) from 

rock/fluid interactions (surface wettability changes). Therefore, this section is focused on 

evaluating both types of interactions to characterize nanofluid EOR at the micron-scale and expand 

the current fundamental understanding of adhesion forces measured at the nanoscale. Specifically, 

the following research questions are addressed: 

• Which mechanisms indicate the EOR potential of silica nanoparticle dispersions at the 

micron-scale? 

• Which type of crude oil functional species are responsive to silica-based nanofluid EOR in 

terms of interfacial tension? 

• What is the impact of surface functionalization of hydrophilic silica nanoparticles on 

interfacial tension and contact angle measured at the micron-scale? 

• How do micron-scale evidences of silica-based nanofluid EOR complement or contradict 

nano-scale observations? 

Using the optical tensiometer, interfacial tension between nanofluids and different pure 

compounds such as alkane and ethylbenzene, as well between nanofluids and actual crude oil 

obtained from TMS formation were measured. Using the DDDC technique, the advancing and 

receding contact angles were measured between TMS rocks in the presence of nanofluids and TMS 

oil following a rigorous sample preparation procedure explained in the methodology section 

(Chapter 3). Contact angle and IFT measurements were performed at ambient conditions. The 

novelty of this work also lies in the fact that, to the best of my understanding, there is no publicly 

available report on wettability characterization of TMS rocks and application of EOR methods. 
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DDDC Contact angle measurements and IFT data served as input variables to determine important 

multiphase flow properties for compositional simulation of nanofluid-assisted CO2 EOR process.  

1.3.3. Core-scale Characterization of Nanofluid-assisted CO2 Enhanced Oil Recovery  

The objective of this study is to evaluate the microscopic efficiency of CO2 injection augmented 

by silicon dioxide nanoparticle dispersions as a hybrid EOR technique for the Tuscaloosa Marine 

Shale. This study in particular addresses the following questions: 

• What is the EOR potential of immiscible CO2 injection EOR in TMS observed at the core-

scale? 

• For adequate simulation of nanofluid-assisted CO2 EOR process, how can the dominant 

multiphase flow properties – namely capillary pressure and relative permeability – be 

modelled based on experimental data and information gathered at nano-to-core scale 

scales? 

• How do core-scale evidences complement or contradict nano-to-micron scale observations 

in the context of nanofluid-assisted CO2 EOR? 

This study presents additional novel insights by using experimental data obtained from nano-

to-micron scales in this study and elsewhere (Lohr and Hackley, 2018) in conjunction with 

analytical models to forecast the core-scale efficiency of nanofluid-CO2 EOR. The core-scale 

characterization component of this work is split into an experimental part and a simulation part. 

The experimental part involved the evaluation of CO2 injection EOR in a low-permeability TMS 

core using a high-pressure coreflood setup to simulate TMS subsurface conditions. For the 

simulation part, there were four main steps involved: reservoir fluid characterization, reservoir 

rock characterization, EOR characterization and model building. Reservoir fluid characterization 

involved gathering, analyzing, and matching experimental data obtained from industry source 
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(Australis Oil) with regression models using the Computer Modelling Group (CMG)’s WinProp 

industry package. Regarding reservoir rock characterization, TMS reservoir petrophysical 

parameters such as porosity, permeability, total organic content, and resistivity were obtained from 

industry source (Goodrich Petroleum & University of Louisiana Lafayette) and evaluated to 

identify the oil-bearing capacity of the reservoir and the zone of interest. With regards to EOR 

characterization, in addition to data obtained from industry source, the Leverett J Function and 

Purcell Model were adapted and coupled to derive relative permeability and capillary pressure 

curves as a function of interfacial tension and water-advancing contact angle for gas, oil and water 

phases measured at micron scales. Already published mercury injection capillary pressure data for 

TMS were used in the Leverett J Function (Lohr and Hackley, 2018). Significant experimental and 

modelling parameters served as input variables into a model built in CMG’s 3-phase compositional 

simulator (GEM) to predict recovery efficiency. A Cartesian grid volumetrically similar to a 

synthetic core (cylindrical piece of rock) obtained from the TMS was created. The injector and 

producer well constraints, position and initial conditions were set based on a physical laboratory 

experimental setup used for evaluation for CO2 EOR in TMS core. The main simulation results for 

the CO2 EOR and nanofluid-assisted CO2 EOR processes are the oil production rate, recovery 

factor and pressure drop. Results are discussed meaningfully and in the context of previous studies, 

after which the report is concluded. 

1.4. Structure of the Dissertation 

This dissertation consists of five chapters. The introduction to the work is presented in Chapter 1, 

including background, motivation and objectives of the research, and structure of the dissertation. 

Chapter 2 provides a comprehensive literature survey supporting the research motivations and 

objectives, starting from wettability in the context of enhanced oil recovery and wettability 
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characterization techniques across length scales. An overview of shale oil reservoirs and a 

background on the Tuscaloosa Marine Shale, followed by EOR techniques in shale oil reservoirs 

with specific focus on CO2 EOR, nanofluid EOR, nanofluid-assisted CO2 EOR are also presented 

in Chapter 2. In Chapter 3, materials and methodologies employed at each scale of investigation 

were described in detail. These include the materials, methodologies and workflow used for: 

atomic force microscope investigations at the nanoscale; optical tensiometer and the dual-drop 

dual-crystal technique at the micron-scale; high-pressure coreflood equipment design, reservoir 

fluid and rock characterization; analytical models of multiphase rock/fluid properties and 

compositional simulation at the core-scale; and analytical science and surface functionalization 

procedures employed across scales. Correspondingly, the results obtained from nano-to-core scale 

investigations were systematically presented and elaborately discussed in Chapter 4. These 

include: adhesion force maps and adhesion energy data which revealed the performance of silica 

nanoparticle dispersions at the nanoscale; interfacial tension, advancing contact angle and 

adhesion force calculations as indicators of silica-based nanofluid EOR potential at the micron-

scale; and capillary pressure curves, relative permeability curves, coreflood and simulation 

recovery profiles of CO2 EOR in TMS and simulation results of nanofluid-assisted CO2 EOR at 

the core scale. Finally, the dissertation was concluded with a summary of significant findings and 

recommendations in view of future research directions.  
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2. LITERATURE REVIEW 

2.1. Wettability 

2.1.1. Overview 

Wettability is one of the most significant phenomena in EOR because it describes the interactions 

of reservoir fluids, rocks and surrounding thermodynamic conditions. It is the tendency of one 

fluid to spread on or adhere to a rock surface when at least one other immiscible fluid is present 

(Anderson 1986; Craig 1971). A reservoir is said to be water-wet when it prefers to contact water 

in the presence of oil. Conversely, if oil for a presumably long time contacts and spreads over the 

rock surface in the presence of water, the reservoir is said to be oil wet. For a water-wet rock, pore 

doublet model explains that small pores tend to be occupied by water while the larger pores contain 

oil (Heshmati and Piri, 2018; Moore and Slobod, 1955). In this case, the pressure differential 

(known as capillary pressure) required to expel oil out of the pores will be relatively small, which 

makes residual oil saturation less, and recovery efficiency high. The reverse is true for oil-wet 

reservoirs: the preferential contact of the rock with oil will lead to formation of extensive, 

continuous oil films which makes oil easily occupy the small pores, with water occupying larger 

pores. Capillary pressure and residual oil saturation become high, even as the relative permeability 

of rock to water becomes low. This consequently leads to poor recovery factor. Therefore, the 

degree of alteration from oil-wet to water-wet is integral to improvement in oil recovery. It should 

be noted that the wettability types described above apply to homogeneous rock wettability – other 

classes such as neutral, intermediate and fractional wettability have also been identified but they 

are excluded from this discussion for the purpose of simplicity.  

Until recently, wettability studies in the context of flow through porous media and enhanced 

oil recovery of petroleum reservoirs have mostly been at the micron and core scales, with 
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interfacial tension measurements, contact angle measurements and imbibition experiments being 

among the most popular approaches. Some of the main reasons are the industry’s exclusive focus 

on conventional reservoirs (prior to success of shale exploration) and the reliability of imbibition 

experiments. Conventional sandstone and carbonate reservoirs have pore radii in the order of 

microns, which makes it reasonable to focus on micron-scale techniques. Forced and spontaneous 

imbibition experiments conducted on cores (usually centimeter-sized cylindrical rock plugs) have 

been highly dependable in demonstrating field scale potential of recovery techniques and deriving 

global parameters such as relative permeability and capillary pressure that help predict incremental 

oil recovery.  

2.1.2. Contact Angle 

In historical context, traditional methods of characterizing wettability alteration are: contact angle 

(Treiber and Owens, 1972), Amott index (Amott, 1959) and USBM index (Donaldson et al., 1969), 

relative permeability and capillary pressure (Craig, 1971). The contact angle method is a 

wettability characterization technique as it is the angle (usually measured in the denser phase) that 

a fluid (drop phase) makes with a rock surface in the presence of another immiscible fluid 

(continuous phase). An increase in preferential contact between the surface and drop phase will 

lead to a lower contact angle (in degrees) and thus an indication of wettability change. The more 

widely accepted classifications of contact angle are 0−75°: water-wet; 75−115°: intermediate-wet; 

115−180°: oil-wet (Afekare and Radonjic, 2017; Anderson, 1986); note that oil is usually the drop 

phase and water (or aqueous formulation) is continuous phase. Contact angle measurements on 

core discs and surfaces of centimeter-sized mineral plates are the most common because such 

measurements can easily be done under reservoir thermodynamic and fluid conditions; it is the 

least time-consuming; and it can be used to probe specific mineralogical effects on wettability. 
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Contact angles were measured using the sessile drop technique and the modified sessile 

drop technique until the dual-drop-dual-crystal (DDDC) technique was developed. The DDDC 

approach helped overcome the deficiencies in the earlier methods in terms of: honoring three-

phase boundary, obtaining reproducible results, and requiring less aging time (Rao and Girard, 

1996). The DDDC technique was used in the core-scale characterization component of this 

research and more details on the technique are available in the methodology section of this report.  

Advanced research in the application of digital imaging for pore-scale characterization have 

led to discovery of measuring in-situ contact angle within rocks using X-Ray Computerized 

Tomography (CT). Andrew and colleagues (Andrew et al., 2014) first reported a new approach to 

measure contact angle in a CO2/brine/carbonate system using micro-CT. They took CT images of 

the carbonate rock containing brine and where CO2 appears as a trapped residual phase. Thousands 

of the rock sample projections were taken and reconstructed into a 3D volume. After filtering and 

correction of the 3D volume, the image was then segmented by an algorithm that generated a 2D 

histogram and studied to identify disconnected ganglion edges of the CO2, brine and solid phases. 

The contact line was labelled as the intersection of the edges of all phases and the contact angle 

was measured by resampling data on a plane with a normal parallel to the contact line at a certain 

point. The resulting data is thus a histogram distribution of contact angle within the carbonate rock 

region imaged. This method has potential applicability to wide-ranging issues surrounding 

multiphase flow in porous media, including impact of surface roughness, mineralogical 

heterogeneity, and pore-scale modelling. Subsequently, similar approaches have been developed 

and implemented to study pore-scale occupancies and different wettability states which were 

otherwise difficult to investigate in the past (Al-Menhali et al., 2016; Alhosani et al., 2021; Mirchi, 

2018). 
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2.1.3. Amott-Harvey Index 

When conducting an Amott-Harvey imbibition test, a core sample flooded with oil at irreducible 

water saturation Swirr is put in a graduated tube containing water. The water phase spontaneously 

imbibes the core – and raises the water saturation to say Sw2 - for a considerably sufficient time to 

release oil. Afterwards, the core is placed in a flow cell or centrifuge for forced imbibition of water, 

additionally recovering oil and increasing the water saturation to Sw4. The sample is then at residual 

oil saturation level, and the process is repeated with an oil-filled tube and oil flow cell/centrifuge. 

This time the spontaneous imbibition of oil reduces the water saturation from Sw4 to Sw3 and the 

forced imbibition of oil takes the water saturation from Sw3 back to Swirr, if wettability effects due 

to flooding are assumed negligible. It then follows that the water and oil indices, Iw and Io 

respectively, are mathematically described as (Abdallah et al., 2007):  

 

 𝐼𝑤 =
𝑆𝑤2 − 𝑆𝑤𝑖𝑟𝑟

𝑆𝑤4 − 𝑆𝑤𝑖𝑟𝑟
 2.1 

 

 𝐼𝑜 =
𝑆𝑤4 − 𝑆𝑤3

𝑆𝑤4 − 𝑆𝑤𝑖𝑟𝑟
 2.2 

The Amott index, IA is the difference between the water index and oil index, i.e. 

 𝐼𝐴 = 𝐼𝑤 − 𝐼𝑜 
2.3 

A +1 index indicates a strongly water-wet system while –1 index indicates a strongly oil-wet 

system.  
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2.1.4. US Bureau of Mines (USBM) index 

The US Bureau of Mines (USBM) index is determined by plotting the aforementioned saturation 

paths Swirr to Sw4 on a capillary pressure curve; see previous section. In a USBM test, a core sample 

at Swirr in a water-filled tube is placed in a centrifuge and spun at increasing speeds. After several 

periods of spins, the core reaches residual oil saturation and is put in a tube filled with oil for 

another set of measurements. To obtain Amott and UBSM indices, consider Figure 2.1 below. The 

steps to obtain the saturation points for the Amott index calculation were discussed as part of the 

explanations leading to equations 2.1 and 2.2. The USBM index is a logarithm of the ratio under 

the positive capillary pressure curves to that under the negative capillary pressure curves. Strongly 

oil-wet and water-wet systems are denoted by -∞ and +∞ USBM indices respectively, even though 

most results fall within -1 and +1 range (Abdallah et al., 2007).  

 

Figure 2.1. The Amott index (denoted IAH in the third equation from the left) and USBM index 

(denoted IUSBM in the last equation from the left) are used to evaluate core-scale wettability and 

both parameters can be obtained from capillary pressure curves (graph) (Abdallah et al., 2007) 
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2.1.5. Capillary Pressure 

Both the Amott and USBM indices can be explained in terms of capillary pressure curves, and 

capillary pressure is one of the most important parameters that describes wettability and multiphase 

flow in porous media. Hence the term “capillary pressure” is explicitly described as follows.   

Capillary pressure Pc is defined as the differential pressure between a non-wetting phase Pnw and 

a wetting-phase Pw, i.e.  

 𝑃𝑐 = 𝑃𝑛𝑤 − 𝑃𝑤 2.4 

In the context of porous media in petroleum reservoirs, Pc is the pressure required to expel 

oil from small to larger pores in a water-wet reservoir and the pressure required to expel water 

from small to larger pores in an oil-wet reservoir. According to Young-Laplace formulation, 

capillary pressure can also be mathematically described as: 

 

 𝑃𝑐 =
2𝜎𝑜𝑤𝑐𝑜𝑠𝛳

𝑟
 2.5 

where σow is oil/water interfacial tension; 𝛳 is advancing contact angle; and r is pore radius. 

Equation 2.5 signifies that capillary pressure is an indicator of wettability alteration and this 

reservoir rock/fluid property has been used for many decades to represent wetting effects at the 

core-to-field scales (Afekare and Radonjic, 2017). In the context of petroleum reservoir porous 

media, fluid saturation is significantly influenced by pore size distribution which makes Pc a 

function of fluid saturation. Consequently, a plot of Pc versus water saturation – known as capillary 

pressure curve – has become an established representation of fluid distribution in oil and gas 

reservoirs (Donaldson et al., 1969; Helset et al., 1998; Jahanbakhsh and Sohrabi, 2015; Li and 

Horne, 2006; Morrow, 1976; Purcell, 1949; Rücker et al., 2020). Some of the well-known capillary 

pressure measuring techniques are mercury injection porosimetry, porous diaphragm, dynamic 
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capillary pressure method and centrifuge method (Todd and Somerville, 2014). Capillary pressure 

is usually scaled up using the Young-Laplace equation – or other methods - for field applications. 

2.1.6. Relative Permeability 

The relative permeability of a rock to a fluid is the ability of the rock to transmit that fluid in the 

presence of at least one other immiscible fluid. According to Craig’s rule of thumb (Craig, 1971), 

the wettability state of a reservoir can be classified in terms of residual oil saturation (how much 

oil is left after EOR) and relative permeabilities (see Figure 2.2; (IPE, 2005)). The initial water 

saturation for a water-wet system is usually greater than 20% while that of an oil-wet system is 

typically less than 15%. The crossover point between the water and oil relative permeability curves 

(point A in Figure 2.2) on the water saturation axis is greater than 50% for a water-wet system and 

less than 50% for an oil-wet system. Also, the relative permeability of the rock to water at residual 

oil saturation is less than 30% for a water-wet system and greater than 50% for an oil-wet system.  

In a water-wet system, water forms extensive and continuous films across the reservoir 

pore network and imbibes through the smallest pores in the network, leaving oil in the large, fast-

flowing pores. Consequently, the oil relative permeability is expected to slowly decrease as water 

saturation increases and the endpoint water relative permeability is low. Conversely, an oil-wet 

reservoir has oil in the smallest pores and water in large pores such that waterflooding will lead to 

a drastic reduction in oil relative permeability with a high endpoint water relative permeability. 

Therefore, a change in the preference of the rock to contact either fluid is indicated by changes in 

relative permeability curves – a widely established method of characterizing wettability at the core 

scale. 
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Figure 2.2. Relative permeability curves for a water-wet reservoir (left) and an oil-wet reservoir 

(right) according to Craig’s rule of thumb (IPE, 2005) 

Laboratory experiments on cores - such as steady and unsteady state methods - as well as 

analytical models – such as Brook and Corey and Stone’s I and II models - are widely regarded 

techniques for obtaining relative permeability in conventional reservoirs (Brooks and Corey, 1966; 

Chen, 2007; Ghazanfari   M. H.    et al., 2006). However, there is no established method for 

determining relative permeability in unconventional reservoirs. This is mainly due to capillary 

forces, which makes obtaining steady state in low-permeability rocks at laboratory conditions 

mostly implausible. To add, it usually requires weeks to months for dense fluids to penetrate the 

cores during displacement experiments. As a result, research efforts on developing models to 

derive both relative permeability and capillary pressure for unconventional oil reservoirs have 

intensified.  
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2.1.7. Scaling: Relative Permeability & Capillary Pressure 

Capillary pressure and relative permeability are the two main properties used for scaling different 

EOR techniques and wettability alteration effects from core to field scales but each has often been 

treated separately. In unconventional oil reservoirs, one of the ways in which the physics of 

multiphase flow can be adequately incorporated in the prediction of recovery factor is by coupling 

relative permeability and capillary pressure models. This approach is of merit because capillary 

pressure and relative permeability are heavily dependent on pore radii which are significantly 

smaller in unconventional rocks compared to conventional rocks. Therefore, evaluating relative 

permeability based on capillary pressure will introduce the dependence of pore size distribution 

on the transmissibility of the rocks to in-situ fluids. The determination of both parameters coupled 

is currently being researched (Helset et al., 1998; Jahanbakhsh and Sohrabi, 2015; Li and Horne, 

2006; Purcell, 1949; Zhang et al., 2012). One of the ways in which both properties have been 

determined co-dependently is through history matching in conjunction with the power-law model 

and piece-wise model to fit the models to displacement data (Sun and Mohanty, 2005; Zhang et 

al., 2012). However, this approach suffers significant drawbacks. First, the power law model relies 

on the premise that the curves take a certain shape within the fluid saturation range and the piece-

wise model dictates that the relative permeability and capillary pressure curves are interpolated, 

giving rise to non-unique solutions. Cumulative oil production from shale cores at lab conditions 

is also usually not sufficient to perform any meaningful analysis; the recovery factor are typically 

obtained by weighing method (Sheng et al., 2015).  

Another approach to estimating capillary pressure and relative permeability concurrently is to 

determine the former using an established conventional technique such as mercury injection 

porosimetry or Young-Laplace equation and then obtain the latter using an analytical model 



20 

 

(Jahanbakhsh and Sohrabi, 2015; Li and Horne, 2006; Stimpson and Barrufet, 2017). This method 

is particularly valuable in tight oil reservoirs where multiphase flow data is limited due to low 

permeability and capillary forces. Stimpson and Barrufet (2017) used pore distribution of an Eagle 

Ford shale core and interfacial tension model to determine capillary pressure from Young-Laplace 

equation and later obtained relative permeability curves based on a model originally derived by 

Nakornthap and Evans (Nakornthap and Evans, 1986). In following this methodology, they 

reasonably incorporated nanopore effects, fluid-fluid interactions and rock-fluid interactions in 

their compositional simulation. However, their capillary pressure evaluation was based on the 

assumption of a perfectly oil-wet system with no supporting experimental data. 

2.1.8. Scaling: Dimensionless Numbers 

Dimensionless numbers are ratios of forces that govern the mechanisms of displacement in porous 

media, and as such, they have been used in scaling different processes and wettability alteration, 

from core to field scales (Lake et al., 2014).  The ratio of viscous forces to capillary forces is 

known as capillary number Nca, a dimensionless group which has been prominently studied for 

decades (Helset et al., 1998; Sheng, 2013a). The viscosity, porosity and velocity of the displacing 

phase makes up the viscous forces whereas the interfacial tension and cosine of the advancing 

contact angle makes up the capillary forces. Wettability is a function of capillary forces and much 

of EOR research efforts have been targeted at overcoming these forces which trap oil in place and 

increase residual oil saturation. As a result, the relationship between capillary number and residual 

fluid saturation – known as capillary desaturation curve - have been extensively studied. With 

respect to capillary desaturation curve, it is known that both residual fluid saturation for the wetting 

and non-wetting phase are fairly constant at small Nca or when capillary forces are dominant. This 

plateau region on the capillary desaturation curve is typical for waterfloods in conventional 
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reservoirs. However, at a certain critical Nca, when the capillary forces are low, the residual fluid 

saturation begins to decrease until complete desaturation at the total desaturation capillary number. 

A large change in IFT and contact angle - possibly due to surface-acting chemicals – can 

substantially increase the capillary number and reduce residual oil saturation. Thus, capillary 

desaturation curves can be used to characterize different EOR techniques such as surfactant and 

low salinity EOR. The data points for these curves are usually gathered from forced imbibition 

experiments and field production data, so that the residual oil saturation obtained from coreflood 

for instance can give an idea of the incremental recovery obtainable at field scale at a certain EOR 

fluid injection rate, assuming all other properties are constant. Yet, even though capillary 

desaturation curves have been expansively studied for carbonates and sandstone reservoirs 

(Ehrlich et al., 1974; Gupta and Trushenski, 1979; Kamath et al., 2001; Taber, 1969), the same 

cannot be said for unconventional low-permeability oil reservoirs like shale oil and tight rocks 

because the industry is just beginning to realize how much of oil-in-place can be recovered.   

The combination of the bond number – ratio of gravity to capillary forces – and the capillary 

number also gives rise to another dimensionless constant known as the trapping number Ntr which 

is often used in characterizing residual fluid saturation and scaling relative permeability in the 

context of EOR (Neshat and Pope, 2018; Pope et al., 2000; Sharma and Filoco, 2000). Trapping 

number becomes more significant when the impact of gravity segregation cannot be ignored. 

Similar to capillary desaturation curves, residual saturation of non-wetting phase and wetting phase 

are plotted as a function of Ntr with plateau regions and sloppy regions differentiated by a critical 

Ntr for the respective phases. 
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2.1.9. Surface Force Measurements 

2.1.9.1. Overview 

The importance of surface forces can be reviewed in the context of certain limitations that constrain 

the aforementioned wettability evaluation methods, especially in the context of shale oil recovery. 

First, wettability is a function of surface forces, but these previously described indices give little 

or no information about the direct role of intermolecular forces dominant at sub-micron- to atomic 

scales (Abdallah et al., 2007; Basu and Sharma, 1997; Israelachvii, 2009). Capillary forces are 

often misinterpreted as adhesion forces which quantify the chemical and electrostatic interactions 

in oil/fluid/rock systems. Exploring rock/oil adhesion mechanics in the context of wettability 

alteration may help expand our existing body of knowledge but quantifying adhesion has been 

difficult to achieve in the past. Second, the importance of nanopore confinement in tight oil 

reservoirs has in recent times been recognized because of the prolific near-term performance but 

elusive long-term potential of these type of formations (Alfarge et al., 2018; Li and Sheng, 2017). 

For such unconventional reservoirs, a significant portion of in-place hydrocarbons are adsorbed 

(or adhered) on pore walls, but adhesion in the context of tight oil recovery is poorly understood 

(Jin and Firoozabadi, 2016; Pathak, 2018). There is a pressing need to examine the role of surface 

forces in wettability alteration via EOR. Recently, this has been elaborately studied using the 

atomic force microscope (AFM). 

2.1.9.2. Atomic Force Microscope 

Atomic force microscope is a high-resolution analytical tool that can be used to characterize 

surface forces (in the order of 10-9
 to 10-12N) in an aqueous environment (EOR injectant phase) 

 

Section 2.1.9 was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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when geologic substrates are contacted with polar/non-polar moieties typically found in crude oils. 

The AFM follows the Hooke’s law: a silicon nitride tip charged with certain functional species 

represents a “spring” which deflects from a surface in a manner proportional to the total interactive 

force sensed at the surface. Studies on the interfaces of rock and functional groups can be 

performed in liquid media to quantify their impact on wettability alteration at the nanoscale. In the 

past, AFM has been used to determine disjoining pressure (total adhesion force per unit area across 

the interface of two interacting bodies) and evaluate mixed wettability states in oil reservoirs (Basu 

and Sharma, 1997). The AFM has also been used to identify the correlation between crude oil 

composition and brine film thickness (Basu and Sharma, 1999) and investigate the role of cationic 

and anionic surfactants such as dodecyltrimethylammonium bromide and propoxylated sulfate 

respectively in wettability alteration in wettability alteration (Kumar et al., 2005). It has also been 

adopted to determine bitumen/water surface potential (Drelich et al., 2007); characterize 

nanoparticle size distribution (Hoo et al., 2008) and assess nanopores in shale gas rocks (Javadpour 

et al., 2012; Liu et al., 2016). Recently, AFM has been used to probe ionically tuned brine and 

effects on adhesion in petroleum reservoirs (Chandrasekhar and Mohanty, 2018; Hilner   et al., 

2016; Wu et al., 2017). There is also a body of literature on interpretations and broad applications 

of force measurements (Butt et al., 2005; Heinz and Hoh, 1999; Leite et al., 2012). Basu and 

Sharma (Basu and Sharma, 1997) used AFM to characterize brine film stability by comparing 

disjoining pressure data with calculations from DLVO theory, whereas Kumar and coworkers 

(Kumar et al., 2005) argued that the film stability criterion is tedious to derive due to the possibility 

of water suction and drainage during retraction and approach of AFM tip respectively. 

Consequently, the use of adhesion force measurement was proposed as a surface wettability 

characterization approach. 
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The application of AFM to perform adhesion force and energy measurements is known as 

chemical force microscopy (CFM). In CFM, a functionalized probe is used as a chemical sensor 

which when brought close to a surface can detect nanoscale forces (such as Van der Waal and 

structural forces) that are resolved in adhesion force measurements (Afekare et al., 2020b). The 

spatial characterization of adhesion force on a given sample area using CFM is referred to as 

chemical force mapping. The work of adhesion (to be described in the next section) can then be 

obtained from adhesion force using either an AFM-based mathematical expression (Butt et al., 

2005) or existing adhesion mechanics’ models (Derjaguin et al., 1975; Johnson et al., 1971). 

2.1.9.3. Work of Adhesion, Adhesion Force and Wettability 

For a rock/oil/fluid system at equilibrium, the wetting state can be described in terms of interfacial 

energies. Consider the configuration in Figure 2.3, where 1 represents oil; 2 rock and 3 nanofluid 

(or brine). Through force balance, it has been proven that the energy required for rock/oil interface 

to be penetrated by nanofluid (or brine), creating new oil/nanofluid (or oil/brine) and 

rock/nanofluid (or rock/brine) interfaces is (Israelachvii, 2009): 

 𝑊132 = ϒ13 +  ϒ23 −  ϒ12 2.6 

 

 

 

 
Figure 2.3. Illustration of a rock/oil/brine (or nanofluid) system at equilibrium  
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where  ϒ13 represents oil/nanofluid (or oil/brine) interfacial energy, ϒ23 is rock/nanofluid (or 

rock/brine) interfacial energy, ϒ12 is rock/oil interfacial energy and 𝑊132 is the three-phase 

oil/rock/fluid work of adhesion. It should be noted that the mathematical expression above only 

applies to a system in which the oil is the drop phase and water the continuous phase, but not vice 

versa. A negative 𝑊132 means that medium 3 will penetrate 1/2 interface and completely wet 2. 

On the other hand, if 𝑊132 is positive, there will be a partial spreading of both oil and nanofluid 

(or brine). Thus, degree of wettability alteration (towards water-wet) can be identified by a 

decrease in adhesion. As the work of adhesion decreases, the wetting phase tend to advance across 

the surface and stability of resulting film improves.  However, this parameter has been difficult to 

measure in the past which has limited its adoption in wettability evaluation. Interestingly, with 

recent advances in AFM applications, the work of adhesion and adhesion force can be conveniently 

characterized (Chandrasekhar and Mohanty, 2018; Hassenkam et al., 2012). 

In accordance with DLVO theory, adhesion force and work are a sum of different surface 

and intermolecular interactions – primarily electrostatic and non-electrostatic components 

(Israelachvili, 2009; Leite et al., 2012) . The force contributions can be identified using AFM force 

spectroscopy (see Figure 2.4). Raw force-displacement (F(Zpiezo)) graphs may be used to 

qualitatively identify different intermolecular forces. On the other hand, quantitative analyses 

usually require force-distance (F(D)) curves and models that typically demand other 

experimentally derived parameters such as interfacial zeta potential values, dielectric constants, 

refractive index, absorption frequencies and surface charge densities (Hilner   et al., 2016; Lorenz 

et al., 2017; Wu et al., 2017). 

Van der Waals (vdW) forces and electrostatic repulsion (Figure 2.4a,b) may be sensed in 

the approach portion of the AFM force curve while non-electrostatic adhesion and structural forces 
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can be detected in the retraction portion (Figure 2.4c-e) of the force-displacement curve (Heinz 

and Hoh, 1999). Van der Waal forces (attractive or repulsive) apply to all discrete bodies (Leite et 

al., 2012) in the absence of long-range interactions, in a similar manner as gravitational forces 

apply to earthly bodies, and are indicated by a notable well in the force-displacement approach 

curve (circled red in Figure 2.4a). The vdW forces are largely unresponsive to pH and electrolyte 

concentration (Israelachvili, 2009) and although it is difficult to resolve it from electrostatic 

interactions (attractive, repulsive or both), a zero frequency of vdW usually implies a complete 

electric double layer effect (Leite et al., 2012). Regarding Figure 2.4b, the removal of critical 

divalent ions from brine may create a net repulsion between hydrophobic oil compounds and a 

negatively charged surface. Consequently, the electric double layer expands to promote a decrease 

in adhesion energy; growth of imbibing water films; and a change of surface wettability to a less 

oil-wet state. Hydrophilic silica nanoparticle dispersions also tend to promote double layer 

repulsion by creating more negative charges on mica and repelling polar species. The smaller the 

particle size, the larger the surface coverage which translates to larger electrostatic repulsion and 

a higher decrease in adhesion. 

In the retract portion, a high non-electrostatic adhesion (attractive; circled blue in Figure 

2.4c) may exist when hydrophobic groups interact with mineral substrates under high salinity 

conditions. The introduction of dispersed reagents can create a chemical potential gradient that 

significantly lowers adhesion (circled blue in Figure 2.4d). Another non-electrostatic and non-

DLVO component known as structural force (Figure 2.4e) may arise when particles of similar sizes 

are confined in the nanometer range so that they are discretely ordered in multiple layers. This 

force contribution may be attractive, repulsive or oscillatory in nature and is not yet well 

understood (Israelachvili, 2009). A stepwise deflection of the cantilever to a zero baseline on the 
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retract force curve is due to the structural component of the adhesion force, which may be 

indicative of the number of particle layers formed at the solid/liquid interface (asterisk in Figure 

2.4e) (Afekare et al., 2020b).  

 

Figure 2.4.  Force-displacement curves as the AFM tip approaches (a-b) and is retracted (c-e) 

from a surface: (a) Van der Waals (VDW) force, (b) electrostatic repulsion; (c & d) non-

electrostatic adhesion and (e) structural force  

It has been proposed that, at nanoscale (typically less than 100 nm), it is important to 

evaluate the total interactive force for a three-phase system (adhesion force) per unit area of 

separation between two approaching bodies – known as disjoining pressure - in the context of 

surface wettability (Israelachvili, 2009; Leite et al., 2012) . A negative disjoining pressure indicates 

an attractive force while positive disjoining pressure implies a repulsive force (Wu et al., 2017). 

Correspondingly, a decrease in the adhesion force due to repulsive effects will follow a change in 

disjoining pressure towards positive and increasing thickness of the wetting film. An increase in 

adhesion force due to attraction will tend to create a negative disjoining pressure and wetting film 
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collapse. Therefore, it can be said that adhesion force and energy reduction translate to creation of 

positive disjoining pressure which also results from non-electrostatic and electrostatic 

intermolecular interactions. 

A number of theoretical models (Leite et al., 2012; Rao, 2003) have been used to estimate 

adhesion forces, most of which appear in the form: 

 𝐹𝑎𝑑ℎ/𝑅 = KϒLV  (cos 𝜃𝑟 −  cos 𝜃𝑎) 2.7 

where Fadh/R is adhesion force, R is radius of fluid-rock contact area, K is proportionality constant, 

γLV is liquid surface tension, and θa and θr are advancing and receding contact angles respectively. 

Using versions of the above expression and the Young dupre (Young, 1805) equation, some 

authors have estimated changes in force and work of adhesion based on interfacial tension and 

contact angle experimental data (Lashkarbolooki and Ayatollahi, 2018; Nguyen et al., 2017; Rao, 

2003; Rao, 2004; Saini and Rao, 2009). For instance, with live oil, reservoir brine and pure 

minerals at elevated temperature (61°C - 96°C) and pressure (17.5 MPa – 25MPa), Rao (Rao, 

2003) estimated adhesion forces (F/R) to be 12.05 mN/m equivalent to a water-wet system, 39.07 

mN/m for intermediate-wet system and 60.37mN/m for oil-wet system. Tangparitkul and 

coworkers (Tangparitkul et al., 2018) also formulated contour maps of adhesion force, oil-water 

IFT and CA where they show that the highest adhesion force (400-500 μN) correspond with high 

CA (70°-90°) and IFT values (35-45 mN/m).  

2.2. Shale Oil Reservoirs 

2.2.1. Overview 

Shale oil reservoirs are source rocks rich in organic matter (kerogen) and containing hydrocarbon 

accumulations which are in commercial quantities but are only recoverable through horizontal 

drilling and hydraulic fracturing. These reservoirs are also referred to as oil shales. For the purpose 
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of clarity, oil shale is the source rock containing the hydrocarbon accumulations known as shale 

oil. These reservoirs are low permeability (< 0.1 mD and often <0.01 mD) rocks containing 

predominantly clays, carbonates and siltstones with interconnected natural fractures in some cases. 

The oil shale industry was first mentioned in the seventeenth century, when a British Patent was 

issued to Martin Eale in 1694, who found a means of extraction. Since then, many countries 

including China, Brazil, Switzerland, and the US have developed an oil shale industry (Tissot and 

Welte, 1984). Even though the US contains the largest oil shale resource worldwide, the oil shale 

industry became largely successful only within the last decade, after more than 150 years since the 

first attempt to establish the industry. Because they cannot be produced by conventional drilling 

and extraction techniques, shale oil reservoirs are classified as unconventional reservoirs (Lin, 

2016; Phillips et al., 2007; Shuler et al., 2011), as shown in Figure 2.5.  

 

Figure 2.5. A general classification of petroleum reservoirs in terms of quality, mineralogy and 

permeability (Lin, 2016) 

 The type of kerogen in these unconventional reservoirs controls the quality of source rock 

and hence the shale oil reservoir. In terms of hydrocarbon potential, Type I kerogen refers to an 

oil-prone reservoir of lacustrine environment; Type II kerogen refers to an oil- and gas-prone 

reservoir of marine environment; Type III kerogen refers to a gas-prone reservoir of terrestrial 
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environment; and Type IV kerogen refers to a reservoir which is neither gas nor oil prone but 

contains carbonized material, of terrestrial environment (Borrok et al., 2019; Tissot and Welte, 

1984). With varying total organic content (TOC), shale oil reservoirs are fine-grained sedimentary 

rocks which are generally brittle – a candidate feature for hydraulic fracturing –  and fissile – 

meaning it can easily split along its planes (Jiang et al., 2016; Mousavi and Bryant, 2007). Another 

distinct feature is that, unlike conventional oil, shale oil experiences little or no migration within 

the source rock in which it was formed (Jiang et al., 2016). Other terminologies used in place of 

shale oil are: tight oil, low-permeability oil, tight sand, among others. The US shale industry has 

experienced significant boom in the last decade due to the largely successful exploration of 

different shale basins, notably Bakken, Eagle Ford and Barnett among others (Gong et al., 2013; 

Lin, 2016; Phillips et al., 2007; Shuler et al., 2011; Zhou et al., 2020). The Eagle ford formation 

in South Texas which is of the late Cretaceous age has since 2008 emerged as a major oil producing 

formation. With a thickness of 984 ft, it is a transgressive organic-rich shale with carbonates and 

siltstones (Bjørlykke, 2010). The Bakken formation in the Williston basin is another subsurface 

container of shale oil which is of the late Devonian age. It contains organic-rich mudstones and 

dolomite, has an average porosity of 5% with absolute permeability of 0.04 mD (Bjørlykke, 2010). 

The Tuscaloosa Marine Shale which is the reservoir of interest for this study is reviewed in the 

following sub section. 

2.2.2. Tuscaloosa Marine Shale (TMS)  

2.2.2.1. Geology & Production History 

The Tuscaloosa marine shale (TMS) is of the gulfian Cretaceous age, lying between Upper and 

Lower Tuscaloosa sands with varied thickness from South west Mississippi to South east 

Louisiana. Figure 2.6 below shows the stratigraphic classification of Tuscaloosa sands (John et al., 
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1997). Tuscaloosa Marine Shale is predominantly gray to black, sandy, and fissile (easily split) 

with fining upwards sequence. It is 500 ft. thick, increasing to 800 ft. in the south-central region 

of Washington parish, Louisiana. TMS is believed to be a source rock for most of the lower 

Tuscaloosa oil trapped in sand bars and this is substantiated by geochemical studies performed by 

the Basin Research Institute at Louisiana State University on fluid samples obtained from two 

wells, one in Gillsburg field and the other in Silvercreek field. Multiple wells drilled revealed 

strong presence of interconnected fractures, most of which might have been created through 

pressurization of hydrocarbon generation. Similar conclusions were made on Bakken shale 

(Meissner, 1991). According to a recent study, TMS contains Type II and III kerogen, and vitrinite 

reflectance data suggested that a significant number of wells are within the oil and wet gas window 

(Borrok et al., 2019). Findings from the study match well with previous indications that TMS is a 

self-sourced rock contributing hydrocarbons to neighboring Lower Tuscaloosa sands (John et al., 

1997; Koons et al., 1974).  

 

Figure 2.6. (a) Map showing outline of the TMS over Louisiana and Mississippi (State of 

Louisiana Department of Natural Resources) and (b) Stratigraphic column (John et al., 2006) 

More than 100 cores were analyzed to obtain petrophysical properties and the results show 

that: permeability, porosity and water saturation were in the ranges of <0.01-0.06 mD, 0.023-0.08 
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and 0.32-0.88 respectively. These low porosity and permeability values could not account for 

2,500 bbls of oil which was produced from the same interval. The delineated fractures were 

observed to increase with depth, being generally widespread between 11,000 ft and 11,055 ft, 

which would indicate the enhancement of flow and storage capacities. TMS was identified as 

overpressured: at 6200 psi, it lies between two sand bodies which ranged from 4400 to 5200 psi. 

In terms of reserves potential, an average payzone thickness of 93 ft was evaluated from well logs 

on the premise that 40% of the resistive TMS section contains fracture-driven porosity and 

permeability. Of this thickness interval, 37 ft could potentially produce oil, which amounts to seven 

billion barrels of recoverable oil (John et al., 1997).  

In a recent TMS reservoir characterization study made using nuclear magnetic resonance 

(NMR), more than 60% of depth of investigation identified with clays such as illite and mixed-

layer clays (Besov et al., 2017). Measured total organic content (TOC) was found to be 1.6%, most 

of which does not associate with porosity. Imbibition and pressure saturation experiments reveal 

that TMS is strongly water-wet and would not allow entry of hydrocarbons, which leads to the 

conclusion that much of the OIP is stored in fractures and inorganic pores.  

2.2.2.2. Exploration and Production Activities 

TMS has been recognized as one of the most promising unconventional resource plays in the U.S. 

Crude oil production in TMS commenced several years ago through conventional drilling and 

horizontal drilling, during which thousands of barrels of oil have been produced. One of two 

vertical wells drilled about four decades ago produced up to 20,000 barrels within the first nineteen 

years while several wells recently drilled have initial production of at least 1,000 bopd and more 

than 200,000 bbls cumulative production in less than two years (Besov et al., 2017). Exploration 

activity using unconventional techniques began in TMS with the first successful well drilled in 
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1978 in Tangipahoa Parish, Louisiana (John et al., 2005). Activity then gradually increased in the 

successive years. From 2007 to 2016, around 80 horizontal wells drilled have produced at least 9 

million barrels of oil (38-46 API) and 5 billion cubic feet of gas (IHS Energy Group 2016). Without 

supporting evidence, initial oil formation volume factor of 1.3 rb/stb has been reported.  

Decline curve analyses of oil wells in TMS using publicly available production profile 

(SONRIS, 2018) showed that monthly production rate typically drops by 80-90% (even more in 

some cases) in the first year of production, leading to 5-9% ultimate recovery estimates (see Figure 

2.7).  Thus, should advanced and efficient EOR technologies remain undiscovered, 91-95% of in-

place hydrocarbons in TMS will be left buried in the ground. 

 

Figure 2.7. Production performance history match using decline curve analyses on TMS oil 

wells. These graphs show that more than production rate drops by more than 80-90% in the 1st 

year leading to 5-9% ultimate recovery estimates.  
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2.3. Enhanced Oil Recovery in Shale Oil Reservoirs 

2.3.1. Overview 

Oil production from unconventional shale oil reservoirs in the U.S. as of 2019 accounted for more 

than 60% of the nation’s oil production and currently, U.S. is the world’s largest oil producer. Such 

growth metrics (see Figure 2.8) are expected to improve as the shale exploration and production 

continues. Multi-stage hydraulic fracturing and horizontal drilling are the technologies responsible 

for the enormous success of shale oil field development (Sheng, 2017; Sheng et al., 2015). 

However, there are colossal challenges. Wells drilled in unconventional reservoirs suffer at least 

70% decline in production after one or two years and reliable estimates in Bakken, Eagle Ford and 

Tuscaloosa show that only 3-10% of oil-in-place may be recovered (2018; Alharthy et al., 2018). 

Second, hydraulic fracturing typically requires at least 4 million gallons of fresh water (mixed with 

chemicals) per well, equivalent to bath of 80, 000 people, stressing water supplies in American 

states and causing significant environmental concerns (Gherabati et al., 2016; Reuters, 2013). In 

other words, should such enhanced shale oil recovery methods remain unfound, billions of oil 

barrels will be left buried in the ground at the time when conventional reservoirs around the world 

have been substantially depleted (Sorrell et al., 2009). To investigate EOR potential in tight oils, 

research studies – including experimental work and model development - and field pilot tests have 

been performed. The most popular techniques so far are gas injection and water injection – only a 

few chemical injection cases have been reported (Dong and Hoffman, 2013; Joslin et al., 2017; 

Kovscek et al., 2008; Sheng, 2014; Sheng, 2017; Sheng and Chen, 2014; Vega et al., 2010; Wang 

et al., 2010).  
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Figure 2.8. Oil and Gas Production in the United States from 1980 to 2040 (EIA, 2017) 

Majority of research work and field tests involving gas injection have investigated 

continuous and huff-n-puff CO2 injection. Water injection has also been tested both on lab and 

field scale, also in continuous and cyclic modes, but most continuous injection results have 

revealed poor recoveries due to injectivity issues (Todd and Evans, 2016), permeability reduction 

and formation damage (Duan et al., 2017; Morsy and Sheng, 2014), water break through and poor 

displacement efficiency (Wood and Milne, 2011). However, there have been some instances where 

water injected continuously promoted rock/fluid interactions and improved recovery. For example, 

it has been observed that water may aid creation of micro-fractures in the absence of confining 

pressure, but whether fractures may be induced to improve permeability during shale water 

injection EOR under confining stresses remains debatable (Morsy and Sheng, 2014; Morsy et al., 

2013a; Morsy et al., 2013b; Morsy et al., 2013c; Sheng and Chen, 2014). Sheng and Chen (Sheng 

and Chen, 2014) reported that water injection fails to increase average pressure but only near-
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wellbore localized pressure. Another group (Wood and Milne, 2011) summarized results from 

pilot tests performed in Bakken in Saskatchewan and North Dakota. In the Bakken case, peak oil 

rate increased in four wells from 75bbl/d to 500bbl/d with an estimated 5% incremental recovery 

over 50 years. The success of these tests was attributed to injection well pattern: horizontal 

injectors parallel to horizontal producers, with 100 m spacing. In the latter, 1 injector in the midst 

of 4 producers led to increased bottom hole pressure of 6000 psi with increased water flow rate 

but no improved oil production. Cyclic injection did not help either. In fact, water injection rate 

dropped with no additional oil produced. Water injection was subsequently switched to gas 

flooding.  

Surfactant EOR has received substantial attention in the area of EOR for conventional 

reservoirs. Though its mechanisms have been extensively researched at lab scales (Chen et al., 

2001; Hirasaki and Zhang, 2004; Sheng, 2013b) and field scales (Rilian et al., 2010; Sheng, 2013b; 

Sheng, 2017; Xie et al., 2005; Yang and Wadleigh, 2000), economics and environmental concerns 

has limited its potential for field implementations. Nonetheless, some surfactants now serve as 

fracturing fluid agents and are currently being applied for shale EOR applications. Some shale 

rock samples have been found to be oil-wet, which is logical because many factors including 

saturation history and crude oil composition affects rock surface wettability, even though clays are 

typically negatively charged and hydrophilic (Phillips et al., 2007; Wang et al., 2011). The 

mobilization and displacement of oil can be inhibited by oil wetness, which can be improved by 

surfactant injection through wettability improvement – making wettability alteration and 

spontaneous surfactant imbibition popular research areas in tight oil EOR (Ferno et al., 2012; 

Morsy and Sheng, 2014; Sheng, 2017; Shuler et al., 2011; Xu and Fu, 2012). Forced imbibition 

(such as fracking) has helped overcome the issue of low flow rates in long cores over the years 
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(Babadagli, 2001; Cuiec et al., 1994; Kazemi et al., 1992; Ma et al., 1995; Mattax, 1962). Zeng 

and co-workers (Zeng et al., 2018) examined application of surfactant blends in wettability 

alteration and spontaneous imbibition where they observed contact angle change from 175° to 28° 

and 20% recovery. In Wang et al.’s (Wang et al., 2012) work, Bakken shale cores were generally 

oil- or intermediate-wet and surfactants consistently changed wetting state towards water wetness. 

Surfactants provided 8% additional recovery compared to water injection and 20% recovery in 

total on average. Amott Harvey methods (Amott, 1959) were used for wettability measurements 

and spontaneous imbibition. 

This section gave an overview of enhanced shale oil recovery methods, from mechanistic 

studies to field implementations. The next two subsections will review specific EOR methods 

proposed for this research.  

2.3.2. CO2 Enhanced Oil Recovery 

2.3.2.1. Classifications of CO2 EOR  

Majority of EOR studies and tests performed on tight oil reservoirs recently have been based on 

gas injection due to its low density and high mobility. Multiple cases have experimented primarily 

CO2 and natural gas in “huff-n-puff” mode, whereby gas is injected through a well, and the well 

is shut in to allow for soaking (days-weeks of soak time), thereby promoting interaction with crude 

oil. Subsequently, the well is put back on production. To add, application of CO2 EOR meets a 

worldwide objective of carbon capture and sequestration to mitigate climate changes (Bachu et al., 

2004; Manrique et al., 2007). Laboratory studies and numerical modeling have been performed on 

Bakken, Mancos (Alharthy et al., 2018), and Eagle Ford (Phi and Schechter, 2017) fields notably.  

The overall recovery obtained with CO2 injection EOR can be subdivided into macroscopic 

sweep efficiency (how much of reservoir volume is contacted relative to total volume) and 
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microscopic efficiency (how effective CO2 is in mobilizing oil in areas where oil-contained rock 

has been contacted). Some of the factors affecting macroscopic sweep efficiency are: viscous 

fingering, gravity override and heterogeneity while those that affect microscopic displacement 

may include dispersion effects and distance travelled by injectant to attain miscibility. To curb 

these effects, different classes of CO2 injection other than continuous injection have been applied. 

Some of these include: water-alternate-gas (WAG) and huff-n-puff (H/P) injection schemes. 

Adopting WAG using miscible and immiscible CO2 has been tremendously effective in 

conventional reservoirs around the world, due to superior injectivity control, improved 

microscopic displacement and great synergistic effects of water flooding and gas injection 

(Christensen et al., 2001; Ghedan, 2009; Manrique et al., 2007; Smalley et al., 2018). In WAG, 

water is injected to sweep oil, and after some time gas is injected, and then the cycle is repeated. 

Yet, upward gas migration in WAG injection has been a concern and major cause of mismatch 

between experimental observations and field results of recovery efficiency. Gravity override is 

amplified by high vertical heterogeneity, large permeability streaks and high-pressure differential 

between gas (in this case CO2) and oil phases. This has led to the emergence of gas-assisted gravity 

drainage (GAGD) where gas is injected from top as oil is being swept to a horizontal producer 

(Rao et al., 2004). As previously explained, the H/P type allows for enhanced interaction between 

injected CO2 and in-situ hydrocarbons – especially the trapped oil globules.  

During injection, CO2 may either push oil from matrix into fractures – leading to diffusion, oil 

swelling and oil viscosity reduction - or vice versa which is typically unfavorable due to high 

capillary pressure in the low-permeability matrix. Zuloaga and co-authors (Zuloaga-Molero et al., 

2016) conducted a simulation study on impact of fractures on CO2 EOR in Bakken and found that, 

matrix permeability did not affect recovery performance during primary production but did during 
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CO2 injection. In a naturally fractured low-permeability (0.01 mD) reservoir, the fractures 

improved recovery performance with gas injection. Thus, appropriate models should be used for 

simulating CO2 injection in tight oil with low permeability and large natural fracture density. It is 

suggested that the case for huff and puff gas injection will be strengthened with thorough 

investigation into shale oil reservoirs with adequate geological characterizations (Jia et al., 2019).   

2.3.2.2. New Mechanisms of CO2 EOR in Tight Rocks 

The nanopores and mineralogy contained in tight rocks have given rise to new mechanisms of fluid 

flow and enhanced oil recovery process in the context of CO2 injection. Convective flow and 

gravity drainage are known driving forces in conventional sandstone and carbonate reservoirs with 

high permeability and porosity. Whereas in shale rocks where pores are in the order of nm, mixing 

of fluids by virtue of their molecules’ random movement through porous media and concentration 

gradient – otherwise called molecular diffusion – may dominate fluid flow from matrix. In turn, 

research have shown that molecular diffusion control CO2/oil mixing process (Alfarge et al., 2018; 

Jia et al., 2019; Jin et al., 2017b). Tsau and co-authors (Bui et al., 2010; J., 2011) studied near-

miscible CO2 behavior in Arbuckle reservoir by examining swelling tests in conjunction with slim 

tube experiments. They showed that, at low pressures, CO2 dissolves in oil with little oil-in-gas 

dissolution and this dissolution causes oil swelling. At high pressures (near miscibility conditions), 

oil is being substantially extracted into gas, as shown by significant color change in the swelling 

test system. They concluded by stating the importance of unidirectional diffusion in low pressure 

(below miscibility pressure) in low-pressure reservoirs and diffusion coefficient determination 

(binary or multicomponent). Ferno and colleagues (Fernø MA et al., 2015) performed a CO2 flow 

visualization test on a fractured sandstone core (permeability of 1.2D and porosity of 0.22) using 

positron emission tomography (PET) and observed diffusive transport, with a 2.2 x10-8 m2/s 
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effective diffusion coefficient measured from dynamic distribution of CO2. It was pointed out in 

their work that diffusive coefficient in shale do not follow Fick’s Diffusion law due to non-

inclusion of pore size and geometry as well as clay chemistry. Injection of CO2 was done in the 

absence of fracking in cores of 0.9 micro-Darcy average permeability at high pressure (22.1 MPa) 

and temperature (60°C).  With a 55% recovery, CO2 was proposed to mobilize oil through a 

combination of viscous force and molecular diffusion. Injected CO2 produced oil from pores 

without initiating fractures. Jia and co-workers (Jia et al., 2018) performed compositional 

simulation in CMG GEM and demonstrated that, during CO2 EOR, molecular diffusion reduced 

gas-oil ratio, contributed 0.3% recovery in 500 days and extended production time. It was inferred 

that high level of heterogeneity supports oil recovery with high correlation length but may be of 

demerit with small correlation lengths, which tallies with Johns and Garmeh’s (Johns and Garmeh, 

2010) work on reservoir mixing and dispersivity. In the past, multiple empirical correlations of 

diffusion coefficient have been developed (da Silva and Belery, 1989; Sigmund, 1976a; Sigmund, 

1976b; Wilke CR and P., 1955), most of which are based on few experiments under low pressure 

conditions, atypical of liquid-rich unconventional formations.  

With respect to nanopore confinement, reservoir fluids (mainly hydrocarbons) and injected 

fluid (in this case CO2) are under pseudosteady state in nanometer-sized pores which may lead to 

drastic shift in phase envelope. Many research groups have proven that this causes suppression of 

bubble point and increase in dew point pressure (Jin et al., 2017a; Lowry and Piri, 2018; Yang et 

al., 2018; Zarragoicoechea and Kuz, 2004). Zarragoicoechea and Kuz developed empirical 

correlations for critical properties between bulk and pore-confined phase where critical change 

was described in terms of collision diameter and pore size. Very good agreements were obtained 

for mesopores (2-50 nm) with minute changes at smaller pores due to possibility of multilayer 
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adsorption. CO2 aims to reduce or eliminate capillary pressure (miscibility) by lowering IFT – both 

of which have recently shown to be pore size-dependent. In furtherance to existing efforts (Jin et 

al., 2013; Ma et al., 2013), Li and Sheng (Li and Sheng, 2017) examined nanopore confinement 

on capillary pressure in Wolfcamp shale oils and found that IFT reduces drastically as pore reduces 

below 100 nm, during which capillary pressure first increases then decreases at less than 5 nm. 

Low density difference between oil and gas also contributes to lower capillary pressure. Wang and 

colleagues (Wang et al., 2016) developed a compositional tight oil simulator that captures effect 

of capillary pressure and nanopore structure on rock and fluid properties. Capillary pressure was 

obtained from J function while modifications were made to stability and flash tests to factor 

capillarity as pore size reduced from 50 to 10 nm, bubble point pressure dropped by 300 psi at 

80°F while cumulative production increased from 5600 bbls to 6600 bbls with capillary effects 

(smaller pores contain lighter fluids with lower viscosity which may favor oil extraction). In 

unconventional reservoirs, adsorbed crude oil is known to significantly contribute to fluids-in-

place volumes and  can be displaced by CO2 injection. Through molecular dynamics simulation, 

mass transport of CO2 through shale inorganic pores was studied and it was seen that CO2 

adsorption capacity increased close to pore walls (Wang et al., 2016). CO2 had more adsorption 

than alkanes in organic pores, which favors carbon sequestration and enhanced recovery. Higher 

temperatures also promoted flow capacity and reduced adsorption. This branch of shale 

characterization has received significant research attention recently (Jiang et al., 2008; Zhang et 

al., 2018) but with less physical experimental evidence. 

2.3.2.3. CO2 Injection Experiments in Shale Rocks 

Laboratory tests of CO2 injection in tight rocks have been designed in different ways and several 

mechanisms have been addressed: from miscibility to diffusion.  For the most popular method 
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proposed by Tovar and colleagues (Tovar et al., 2014), a core is centralized in a cell where it may 

either be saturated with oil or preserved, while empty space or high permeability glass beads are 

used to simulate fractures. They performed two experiments – one at 3000 psi and the other at 

1600 psi, with both at 150°F on sidewall cores. Glass beads were the high permeability media 

assumed as fractures and to ensure rock/CO2 contact. The cores were soaked in CO2 for days and 

intermittent production was allowed while saturation changes were monitored using CT. CO2 

penetrated the cores and dissolved in oil, recovering up to 55% OOIP.  Mass exchange of rock 

during CO2 injection was ascribed to adsorption of CO2 on organic pores, which was observed in 

another work, where pore and surface diffusion were proposed as prevalent mechanisms for 

transport of gas molecules in shale (Kang et al., 2010).  Jin and co-workers (Jin et al., 2017a; Jin 

et al., 2017b) experimentally and numerically evaluated CO2 H/P in Lower Bakken, Middle 

Bakken and Three Forks by analyzing 21 preserved core samples. Injection pressure was kept 

constant at 5000 psi with reservoir temperature 230°F and 24 hrs production duration. A low flow 

rate of 1.5cm3/min was maintained to allow dominance of diffusion mechanism. A 60% recovery 

factor was obtained for Lower and Upper Bakken. Using analyses of variance (ANOVA), TOC, 

pore size and water saturation were identified as the most dominant parameters in production. 

Reasons proposed are that kerogen in pore size is smaller than that in inorganic matrix, leading to 

high capillary pressure and that kerogen make pore oil wet which also promotes high capillary 

pressure, also affecting residual oil saturation and relative permeability.  

Miscibility development during CO2 injection have also been studied in different experiments 

and reported recently. Most results reveal strong impact of CO2 miscibility on recovery and less 

miscibility requirements compared to other gases such as CH4 and N2. For example, miscibility 

was addressed in the work of Song and Yang (Song and Yang, 2017) where CO2 was performed 
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in immiscible, near-miscible and fully miscible conditions where the latter two conditions 

contributed 19-20% increments beyond immiscible flood recovery with less number of cycles. 

Miscible CO2 performed 1% less than near-miscible flood, and although no explanation was given, 

it was concluded that obtaining complete miscibility in CO2 floods may not be obligatory to obtain 

best CO2 EOR performance in shale oils.  In Hawthorne and colleagues work on MMP 

determination using VIT/capillary rise technique, CO2 MMP was reported as 2524 psi at 230°F 

and 1279 psi at 108°F, whereas methane obtained miscibility at 4514 psia while Nitrogen gas 

MMP was reported as 22,365 psia (Hawthorne et al., 2016). Ethane MMP was lower than CO2 

MMP at the same temperature (1345 psia at 230°F) which is consistent across different studies 

(Ahmadi and Johns, 2008; Alharthy et al., 2018; Yellig and Metcalfe, 1980). 

2.3.2.4. Numerical Simulation of CO2 EOR in Tight Oil Reservoirs 

In tight oil reservoirs, viscous and gravity forces are less dominant as CO2 EOR mechanisms due 

to the effect of molecular diffusion. However, this phenomenon is a new subject waiting to be 

more thoroughly examined. Further, impact of key reservoir and fracture properties such as 

permeability, fracture half-length, complex nonplanar fractures, natural fractures, and reservoir 

heterogeneity on the effectiveness of CO2-EOR have not been evaluated quantitatively. Majority 

of these parameters can be conveniently studied through numerical simulation. 

The governing equation for reservoir multiphase flow simulation that describes the total 

mass balance for components in the oil and gas phases is expressed by the continuity equation, 

including accumulation term of component in rock and fluid phases as well as convection, 

dispersion, and molecular diffusion terms for all phases (Lashgari, 2014).The Sigmund correlation 

(Sigmund, 1976a) is often used to calculate the oil and gas diffusion coefficients (in cm2/s) since 

it is valid for both oil and gas phases. Effects of diffusion coefficient, fracture complexity, reservoir 
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permeability, heterogeneity, and gas injection scenario in numerical studies of CO2 EOR in 

unconventional oil reservoirs have been addressed in a comprehensive book chapter focused on 

CO2 EOR in Middle Bakken (Yu and Sepehrnoori, 2018). The authors performed compositional 

simulation CO2 in Bakken and for the base case set up a basic reservoir model with four effective 

hydraulic fractures within one stage because of the expensive computational time for the entire 

well with multiple fractures. In this study, matrix permeability of 10 μD and initial water saturation 

of 25% are used and the reservoir is assumed to be homogeneous. Oil recovery factor at 30 years 

of production for the case with CO2 injection and diffusion is the highest. The oil recovery factor 

was almost the same for the case without CO2 injection and the case only with primary production. 

In addition, the recovery factor of the case with CO2 injection but without diffusion was the lowest 

– even lower than primary production - illustrating that CO2 diffusion plays an important role in 

simulating CO2 injection for enhanced oil recovery. Without considering diffusion, large amount 

of CO2 will backflow to the surface after the end of soaking time and impede oil production. This 

is tandem with another study performed elsewhere (Yu et al., 2015) which showed incremental oil 

recovery factor at 30 years of production to be 0.10%, 1.40%, and 3.25% corresponding to CO2 

diffusion coefficient of 0.0001, 0.001, and 0.01 cm2/s. However, Sun and colleagues (Sun et al., 

2016) concluded in their study that CO2 H/P floods are insensitive to diffusion, soaking and 

capillary pressure. Reasons for this discrepancy remain unclear but it is likely that well control 

parameters such as injection rate and reservoir properties such as permeability and heterogeneity 

may cause such contrasting observations. 

With respect to injection cycles, incremental oil recovery factor of 1.40%, 2.12%, and 

2.43% after 1, 2, and 3 cycles respectively were observed during CO2 injection in Middle Bakken 

on a 30-year production lifespan (Yu et al., 2015). This is in concordance with the work of Sun 
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and colleagues (Sun et al., 2016) which showed that increasing injection cycle from 2 to 3 can 

improve recovery from 6% to 11.4%. Fracture geometry poses superior effect on production by 

improving formation permeability near wellbore and expanding stimulated rock volume and is 

expected to impact CO2 EOR likewise. Yu and colleagues (Yu et al., 2015) observed an increase 

in additional oil recovery from CO2 injection from 1.4% to 2.8% when fracture half-length 

increased from 210 ft to 310 ft. Evidently, Bakken formation has been quite prolific due to huge 

presence and interconnectivity of natural fractures to matrix to hydraulic fractures (Mullen et al., 

2010; Theloy and Sonnenberg, 2013).Wan and Liu (Wan T and H., 2018) examined impact of 

fracture complexity on CO2 Huff/Puff in shale reservoirs and discovered that fracture network 

conductivity for CO2-enhanced recovery depends on matrix permeability, reservoir fluid 

properties and fracture cluster spacing, at a given fracture conductivity. Further, they showed that 

CO2 injection performs better in complex fractures than planar fractures.  When Sun and co-

workers (Sun et al., 2016) simulated CO2 H/P using unstructured discrete fracture network (DFN) 

and dual-continuum modeling, they observed that DFN was more accurate because it handles 

stochastically distributed fracture networks well, which is not true with dual continuum models. It 

was also observed that incremental oil recovery is sensitive to matrix/fracture porosity and 

permeability, well controls, duration of gas injection and length of H/P cycles. 

CO2 Huff-n-Puff gas injection is a suitable technique for tight oil reservoirs because it allows 

additional time for CO2/oil/rock interactions, as earlier mentioned. Yet, the soaking time required 

can be excessively long and thus be of huge demerit. It may lead to even poorer recovery than 

continuous injection. Zuloaga and colleagues (Zuloaga-Molero et al., 2016) compared both huff-

n-puff and continuous injection scenarios: in CO2 H/P, each cycle consisted of 1 year of CO2 

injection, 1 month of CO2 soaking, and 47 months of back production. To fairly compare the 
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effectiveness of both, the total volume of CO2 injection remained same, which was 5475 MMSCF 

for 18 years. The average recovery factor was obtained as 7.67% and 14.13% for CO2 Huff-n-Puff 

and continuous CO2 flooding, respectively. They also conducted sensitivity studies on well pattern 

and compared incremental oil recovery factor between the zipper well pattern and the aligned well 

pattern with 8 horizontal wells for both flooding types. A small difference between two well 

patterns of about 2% is obtained for CO2 Huff-n-Puff scenario, while a big difference of about 

10% is achieved for CO2 flooding. The reason was revealed through comparison of CO2 global 

mole fraction distribution. For CO2 Huff-n-Puff, most of injected gas molecules are primarily 

concentrated near hydraulic fractures, resulting in similar contact area between molecules and 

reservoir for both well patterns. However, for continuous CO2 flooding scenario, the zipper well 

pattern generated a larger contact area and longer CO2 breakthrough time than the aligned well 

pattern, significantly improving CO2 sweep efficiency. Hence, it implies that the zipper well 

pattern is a better candidate for implementing CO2-EOR field project in tight oil reservoirs. Zipper 

“fracs” have demonstrated tremendous EOR potential elsewhere through investigation of fracture 

interference using analytical methods (Akinluyi and Hazlett, 2018). For the soaking time, there is 

no additional improvement of oil recovery when the time was longer than 1 month. This finding 

is fairly in concert with a recent study on CO2 EOR in Bakken shale which demonstrated that 6 

weeks is optimal soaking time considering in-situ liberation of light oil components. In this report, 

CO2 with liberation yielded recovery of 19% - 9% greater than primary depletion. (Mahzari et al., 

2019). 
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2.3.3. Nanofluid Enhanced Oil Recovery 

2.3.3.1. Merits and Applications 

The injection of carbon dioxide is likely to be an established EOR technique for unconventional 

oil reservoirs as more research studies and field implementations are conducted, but it suffers 

significant limitations, three of which are: early gas breakthrough, soaking time period and 

heterogeneous miscibility development. Previous studies both in conventional and tight rocks have 

shown that the implementation of CO2 EOR at field scale in the presence of natural fractures and 

high permeability streaks promotes viscous fingering effects (Phi and Schechter, 2017; Todd and 

Evans, 2016), premature gas production (Todd and Evans, 2016), poor microscopic displacement 

efficiency and overall low recovery. Optimization studies on soaking time during CO2 H/P reveals 

that additional production during puff may not justify shut in period for soaking, which may cause 

CO2 injection to perform even less than primary production which is already too low. Miscible 

CO2 eliminates IFT and capillary pressure, but this effect is most probably close to injection source 

and may not propagate into the far field where miscibility conditions are required for enhanced 

CO2/oil interactions. Thus, the inclusion of a denser fluid (to address gas breakthrough and soaking 

time concerns) that may alter wettability states deep into the reservoir (to address rock/fluid 

interaction problem) to augment CO2 flooding appears like a forward approach. Nanofluid 

injection using nanometer-sized silica nanoparticles promises a viable option to assist CO2 

injection. 

 

 Section 2.3.3 was previously published as Afekare, D., 2020. Enhancing Oil Recovery Using 

Aqueous Dispersions of Silicon Dioxide Nanoparticles: The Search for Nanoscale Wettability 

Alteration Mechanism, SPE Annual Technical Conference and Exhibition. Society of Petroleum 

Engineers, Virtual, pp. 19. Reprinted by permission of Society of Petroleum Engineers. 
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The development and application of nanomaterials has been ongoing for many decades, 

spanning across several industries such as electronics, aviation, medicine and energy sectors 

(Haeri, 2018; Kaasa, 2013). Nanoparticles (NPs) can be manufactured with different 

specifications: shape, size, functionalities, solvent types, both synthetically and mechanically. 

These particles when dispersed in medium or solvent fluid like ethanol or water by interacting with 

the tail group give rise to nanofluids. In the oil industry, it has been used in exploration to obtain 

accurate reservoir information and downhole images; in drilling for thermal conductivity; in 

cementing and improved cement strength; in production for well flow assurance; at surface for oil 

droplet removal from produced water; and more recently in hydraulic fracturing and enhanced oil 

recovery for wettability improvement and reduced formation impairment (Khezrnejad et al., 2014; 

Kong and Ohadi, 2010; Li et al., 2015; Li and Torsæter, 2015a; Syfan et al., 2018; Tajmiri and 

Ehsani, 2016) Pertinent to EOR applications, different types of NPs exist: hydrophilic (promoting 

water wetness and soluble in polar solvents), hydrophobic (promoting oil wetness and soluble in 

non-polar solvents) and neutral-wet (possess hydrophobic and hydrophilic parts). They behave like 

surfactants - depending on adsorption/absorption capacity (Hendraningrat et al., 2013d; Ogolo et 

al., 2012). The thermal stability of NPs also make them a promising alternative for thermal EOR 

in heavy oils (Ding et al., 2018). 

Pertinent to nanofluid EOR, silica (SiO2) NPs are mostly preferred. Silica is a generic 

nomenclature for water-soluble and inorganic harmless ceramic mineral made of silicon dioxide 

and can be found in a wide range of other composite minerals, like quartz. Besides being the earth 

most abundant mineral, its high specific surface area (200 – 300 m2/g), low bulk density (0.04-

0.1g/cm3), superior suspension ability, tailor-fit geometry, controllable chemistry and 

environmental safety makes it best suited for chemical EOR – especially in shale reservoirs. This 
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is in addition to its unique thermal properties (fast cooling, isolation), high mechanical strength, 

light adsorption and emission, and catalytic properties which expands its band of application 

(Haeri, 2018). This is substantiated with research outputs from academic and commercial 

laboratories, which showed incremental oil recovery correlated with contact angle change, IFT 

reduction and wettability alteration-with few discrepancies in some cases (Carpenter, 2015; 

Ghanaatian, 2014; Hendraningrat et al., 2013d; Maghzi et al., 2012; Sheshdeh, 2015).  

2.3.3.2. Experimental Investigations of Nanofluid EOR 

Majority of the mechanistic studies relating to nanofluid EOR injection have been conducted in 

the lab, with few numerical modelling attempts. As Vad and Christian pointed (Bennetzen and 

Mogensen, 2014), some of these mechanisms are: viscosity reduction, foam stabilization, 

wettability alteration, conformance control and capillary trapping reduction (Hendraningrat et al., 

2013a; Hendraningrat et al., 2013b; Hendraningrat et al., 2013c; Hendraningrat et al., 2013d; 

Hendraningrat et al., 2012; Torsater et al., 2012). Adsorption phenomenon is not fully understood 

and is an important component of NP mechanics. To capture this physics, it was proposed that Van 

der Waal interactions, electrostatic repulsion, Brownian motion, inertia forces, hydrodynamic 

forces, surface tension effects and gravity impact should be adequately studied.  

Jiang and colleagues (Jiang et al., 2017) performed contact angle and IFT measurements 

of silica Nanofluids (in distilled water) in the presence of decane on calcite crystals to mimic 

carbonate rocks. They observed contact angle change from  ̴ 75° to  ̴ 50° in 0.5 wt% nanofluids, 

modest IFT reduction (50 to 45 mN/m), with an 8.7% improvement in oil recovery from 

corefloods. Ogolo and co-workers (Ogolo et al., 2012) tested a wide range of nanoparticles 

including silane-treated SiO2 and  hydrophobic SiO2 NPs to verify incremental oil recovery, 

wettability changes, soaking effects and dispersant effects. While ethanol provided highest 
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recovery and distilled water provided the least, it was concluded that silane and hydrophobic NPs 

dispersed in ethanol showed tendency to improve recovery through wettability modification – 

particularly for oil-wet rocks. The optimistic performance of hydrophobic NPs may be 

contradictory, but it appears that both hydrophilic and hydrophobic NPs can reduce IFT and 

improve wettability. This is in tandem with an experimental investigation of polysilicon NP 

recovery: hydrophobic NP reduced IFT from 26.3 mN/m to 1.75mN/m, 130° to 95° contact angle 

reduction,  corresponding to a  ̴ 32% recovery (Roustaei et al., 2012). In the same work, neutral 

wet NPs reduced IFT from 26.3 to 2.5mN/m, higher contact angle drop (130° to 80°) but slightly 

less recovery of  ̴ 29%. However, experimental studies on fine migration show that neutral-wet 

fines migrate to oil/water interface (possibly reducing IFT), while water-wet and oil-wet particles 

preferably remain in water and oil phases respectively (Muecke, 1979; Sarkar, 1988; Sarkar and 

Sharma, 1990). 

Disjoining pressure is the most fundamental nanofluid EOR mechanism identified so far, 

and it was first discovered by Wasan and Nikolov (Wasan and Nikolov, 2003). In this work, they 

observed through video microscopy the ordering of nanospheres in water and their spreading 

behavior on glass, and they also analytically calculated disjoining pressure based on statistical 

mechanics. By extensive review of published reports, wettability alteration is the most recognized 

mechanism of nano-EOR but original scientific evidence at the nanoscale appears scarce in 

literature. Most studies have focused on characterizing globally lumped parameters such as contact 

angle and relative permeability which do not directly provide  much information about the role of 

intermolecular interactions (Israelachvili, 2009).  Yet, these lumped parameters are a result of the 

intermolecular forces and they are of more practical importance in engineering applications.  
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The search for the nanoscale wettability alteration mechanism in nanofluid EOR has now 

become crucial for cogent reasons. First, the dominance of nanopore confinement in tight rocks 

has recently been recognized due of the high near-term productivity but elusive long-term potential 

of these formations (Alfarge et al., 2018; Li and Sheng, 2017). For such reservoirs, a significant 

portion of in-place hydrocarbons are adsorbed (or adhered) on pore walls, but adhesion in the 

context of tight oil recovery is not well understood (Jin and Firoozabadi, 2016; Pathak, 2018). 

Second, fundamental understanding of EOR using SiO2 nanoparticles at the molecular level offers 

a unique path for screening this method. The process of discovering, presenting, and linking 

nanoscale evidence to pore- and field-scale observations help to identify consistencies (or lack of) 

with regards to mechanistic insight into nanofluid EOR technology. Also, most studies in which a 

decrease in IFT was observed was due to the employment of surface-treated silica particles (Metin 

et al., 2012), whereas significant wettability alteration did not typically require surface 

functionalization (Haeri and Rao, 2019; Jiang et al., 2017). However, the role of crude oil 

chemistry and mineralogical composition in the context of nanofluid EOR have not been studied 

in detail. Also, the application of DDDC technique for precise wettability measurements in the 

context of nanofluid EOR has not been significantly explored. 

2.3.3.3. Numerical Modeling and Simulation of Nanofluid EOR 

The application of nanofluids for enhanced oil recovery became recognized only recently – 

perhaps within the last two decades - thus there have been limited numerical modeling and 

simulation efforts. Majority of analytical models have incorporated relative permeability change, 

capillary pressure change, porosity change and permeability impairment rather than experimental 

data for capturing displacement mechanisms (El-Amin et al., 2017; El-Amin et al., 2013; Ju et al., 

2006; Miranda et al., 2012). In the context of nanofluid EOR, Brownian motion – the random 
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movement of particle in a suspended medium - has been modeled based on Boltzmann constant, 

viscosity of NP dispersion, temperature and particle size (El-Amin et al., 2013). The formation 

damage model originally developed by Liu and Civan (Liu and Civan, 1993) which was based on 

laboratory data (Sarkar, 1988; Sarkar and Sharma, 1990) is the bedrock for most nanoparticle EOR 

injection models established so far. The model is based on the following assumptions:  

1. Isothermal, 1D, horizontal flow (negligible gravity effects) 

 2. Homogeneous isotropic and incompressible porous media  

3. Incompressible fluids  

4. Negligible viscosity and density changes due to particle suspensions  

5. Negligible geochemical effect 

6. Negligible variations in capillary pressure and relative permeability due to fines migration 

Mass conservation equations are used to express oil and water flow, while the particle 

transport is modeled using an adsorption-convection-diffusion equation: the mass accumulation 

term defines rate change in water-dispersed NPs’ flux; the convection term defines Darcy flow of 

NP dispersions while the diffusion term captures the diffusion of NP based on Stokes-Einstein 

equation. Dispersion effects were neglected in Liu and Civan’s model since it was assumed that 

particle sizes are larger than 1 micron, whereas NP sizes are in nanometer range. According to El-

Amin and co-authors (El-Amin et al., 2013), net rate loss of NP can be modeled based on 

Gruesbeck and Collin’s formulation (Gruesbeck and Collins, 1982), in terms of entrapment and 

surface deposition. Porosity change is then modeled based on NP rate loss and permeability 

impairment is calculated from porosity modification, flow efficiency factor, fluid seepage and 
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power law exponent. Ju and colleagues (Ju et al., 2006) extended this model to study enhanced oil 

recovery using lipophobic and hydrophilic polysilicon NP with 10-500 nm and observed relative 

permeability shift indicating wettability alteration with reduction in permeability and porosity. 

Their results show that 2-3 wt% NPs may be sufficient to improve oil recovery. Later, Ju and Fan 

(Ju and Fan, 2009) used a Transmission Electron Microscope demonstrate wettability changes 

during NP flooding in sandstone and showed that water effective permeability improved by more 

than 1.5 times. They also obtained good match between experiment and modeled effective 

permeabilities. El-Amin and colleagues (El-Amin et al., 2013) also improved on the same model 

developed by Liu and Civan (Liu and Civan, 1993) to incorporate NP concentration-dependent 

relative permeability and capillary pressure but their model were not substantiated with laboratory 

measurements. The same research group later employed time-splitting technique (accounting for 

different time step for pressure and NP concentration calculations) to model NP transport through 

hydraulic fractures in tight rocks (El-Amin et al., 2017).  

The EOR potential of nanofluids have also been studied at the molecular level, using molecular 

dynamic simulations (MDS). This approach provides an excellent means of performing nanoscale 

investigations on the effects of surface forces, molecular diffusion, viscosity and binding energies 

at typical reservoir conditions (temperature, pressure and brine salinity). Miranda and co-workers 

(Miranda et al., 2012) investigated the EOR application of bare silica NPs (dispersed in CaCl2 and 

NaCl salts) using MDS at 300K and 0.1MPa. They adopted the CHARMM interatomic potential 

to define the interactions of silica nanoparticles. Their MDS snapshots and density profile results 

showed that aromatic molecules (benzene and toluene) accumulated on the NP surfaces (bare or 

modified) significantly while alkane molecules did not. The interfacial tension between bare silica 

NP and oil (mixture of alkanes and aromatics) calculated using Gibb’s formulation to be 0.913 
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N/m whereas that between silica NP functionalized with polyethylene glycol and aromatics was 

1.056 N/m. Also, the calculated nanoparticle-oil-brine contact angle using bare silica NP was 50  ͦ 

whereas that obtained with polyethylene glycolated NPs was 67 ͦ - signifying a tendency to stabilize 

oil/water emulsions better than bare nanosilica. However, they did not study density profiles, 

interfacial tension and contact angle between oil and a base dispersant such as water or brine 

(without nanoparticles), for comparison. In an MDS study, Liang and colleagues (Liang et al., 

2019) investigated the effect of engineered SiO2 nanoparticles on oil detachment from silica 

surface. They showed that silica nanoparticles with a mix of hydrophobic and hydrophilic chains 

(NP3) were the most effective in reducing oil/water interfacial tension and coherent energy of oil 

droplet (a measure of the difficulty to detach oil from silica surface) as well as recovery of adsorbed 

oil molecules from density profiles compared to hydrophobic silica nanoparticles (NP2) and 

hydrophobic silica nanoparticles (NP1). In pure water, oil/water interfacial tension was 60 mN/m, 

whereas IFT decreased to 48 mN/m, 46 mN/m and 31 mN/m using NP1, NP2 and NP3 

nanoparticles, respectively. Similarly, the coherent energy obtained with NP3 was 230 Kcal/mole; 

compared to 380 Kcal/mole, 340 Kcal/mole and 400 Kcal/mole obtained with NP1, NP2 and pure 

water, respectively.  

2.3.4. Nanofluid-assisted CO2 Enhanced Oil Recovery 

The application of carbon dioxide to improve production in conventional petroleum reservoirs is 

a well-established technique: its mechanisms are well known, and it has been deployed in many 

fields across the world for several years. As previously discussed, a literature survey on EOR in 

tight rocks has shown that CO2 injection has received widespread interest from academic research 

and field test standpoints. In these unconventional oil reservoirs, supercritical CO2 can obtain 

miscibility with the oil, eliminate interfacial tension and improve recovery significantly. However, 
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as discussed previously, presence of highly transmissive natural fractures – such as those found in 

TMS - impairs reservoir containment of CO2, leading to viscous fingering and gas breakthrough. 

This is coupled with the fact that CO2 huff-and-puff injection usually requires long soaking time 

to enhance interactions with the oil and rock. With the injection of nanoparticle dispersions, 

rock/fluid and fluid/fluid interactions are efficiently enhanced without the need for soaking and 

viscous fingering effects can be reduced – all of which presents benefits of oil recovery 

improvement. The benefits of injecting nanofluids and CO2 for EOR purpose have been studied in 

the context of nanofluid-alternate-CO2 injection and nanofluid-CO2 co-injection. The former 

application preserves the mechanisms of nanoparticle dispersions and carbon dioxide separately 

while the latter combines both reagents to form stabilized foam and explore synergistic effects.  

Al Matroushi and co-workers (Al Matroushi et al., 2015) conducted coreflood experiments 

using nanofluid-alternate-CO2 EOR and modelled rock/fluid interactions. Following their history-

matched results, they showed that nanofluid-alternate-CO2 injection improved recovery by 48% 

compared to 35% obtained with conventional water-alternate-CO2 injection. The recognized 

mechanism responsible for improved recovery was wettability alteration using nanoparticles 

which resulted in a shift in the oil/water and gas/oil relative permeability curves, indicating an 

improved mobility of the oil phase and reduced mobilities of water and gas phase. Zheng and 

colleagues (Zheng et al., 2020) investigated results from huff-n-puff field pilot implementation of 

nanofluid-alternate-CO2 EOR in Eagle Ford shale.  The field pilot test used 160 tons of CO2 and 

7000 gallons of surface-modified silica nanofluids in 11 nanofluid-alternate-CO2 injection cycles. 

This process took less than 24 hours and the well was shut in for 5 days. The cumulative production 

obtained after 271 days was 8600 bbls; in comparison, only 3200 bbls was predicted to have been 

recovered in the same time span without nanofluid-alternate- CO2 EOR. They also concluded that 
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the mechanisms of nanofluid EOR being wettability modification and interfacial tension reduction 

helped improve oil recovery while CO2 injection acted as a carried fluid for the placement of the 

silica nanoparticles at the oil-water interface.  

If nanofluids are co-injected with CO2 (i.e. simultaneously), the resulting stabilized foams 

can provide an innovative means of ensuring mobility control because surface-engineered 

nanoparticles can adhere to the surface of CO2 bubbles and prevent coalescence (Aminzadeh-

Goharrizi et al., 2012; Espinoza et al., 2010; Qian et al., 2020; San et al., 2016). Espinoza and 

colleagues (Espinoza et al., 2010) studied stabilized foams of supercritical CO2 and nanoparticles 

treated with polyethylene-glycol (PEG) and observed that the nanoparticle stabilized foam had to 

2-18 times more resistance to flow than de-ionized water stabilized foams. They also observed that 

surface-treated nanoparticles could form stabilized foams at low salinity (as in De-ionized water) 

and higher salinity (as in 4 wt% NaCl) conditions.  Similarly, PEG-coated silica nanoparticles 

were shown through CT images to slow the displacement front of nanofluid-stabilized CO2 foams 

and smear the CO2 injection flow paths to reduced viscous fingering and channeling, in Aminzadeh 

and co-workers’ study (Aminzadeh-Goharrizi et al., 2012). 

Despite promising results of nanofluid-assisted CO2 EOR observed from literature, some 

fundamental research questions remain unanswered. For instance, besides relative permeability 

curves, effects of interfacial tension, contact angle and capillary pressure on recovery factor results 

with forced imbibition experiments and core-scale simulation have not been studied in detail.  The 

synergistic effects of CO2 EOR augmented with untreated silica nanoparticles in shale rock 

systems are also yet to be investigated in detail. Thus, these call for the need to characterize this 

EOR process across length scales for the Tuscaloosa Marine Shale which is the reservoir of interest 

for this study. 
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3. MATERIALS & METHODOLOGIES  

3.1. Nanoscale Characterization of Nanofluid EOR 

3.1.1. Mineral Samples 

Muscovite mica was used as a rock substitute throughout this study because it closely resembles 

illite and kaolinite clay minerals which have been identified from X-Ray Diffraction (XRD) 

analyses on TMS cores in terms of the chemical composition and material properties. Quartz 

minerals were also employed based on XRD data which showed that the TMS section of interest 

contains primarily clays (44%) and quartz (43%), with other minerals such as calcite, pyrite, 

feldspars and anhydrite in small amounts (Afekare et al., 2020c). Mica sheets were purchased from 

Ward’s Science (Rochester, NY), and were freshly cleaved before each experiment. Quartz 

substrates (purchased from VWR, Radnor, PA) were soaked in nitric acid for 20 mins and dried 

before use. All substrates have a minimum purity of 98%. 

3.1.2. Nanofluids and Brine 

To prepare nanofluids, 8 nm sized hydrophilic SiO2 particles (purchased from US Research 

nanomaterials, Houston TX; see Figure 3.1) were dispersed in 1 wt% NaCl, and different 

concentrations (0, 0.05, 0.1 and 0.5 wt %) were prepared. Key properties of these dispersions are 

tabulated below (see Table 3.1). In a real-life scenario, fresh or de-ionized water will promote clay 

swelling and fines migration, hence the choice of 1 wt% NaCl dispersant.  

 

 Section 3.1.1 was previously published as Afekare, D., 2020. Enhancing Oil Recovery Using 

Aqueous Dispersions of Silicon Dioxide Nanoparticles: The Search for Nanoscale Wettability 

Alteration Mechanism, SPE Annual Technical Conference and Exhibition. Society of Petroleum 

Engineers, Virtual, pp. 19. Reprinted by permission of Society of Petroleum Engineers. 
 

 Section 3.1.2 was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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To simulate brine, a previously prepared brine formulation (AFB) based on TMS formation 

water geochemical analyses was used as base case (Afekare et al., 2020b). It contains 60000 ppm 

NaCl, 10000 ppm CaCl2, 2650 ppm KCl, 250 ppm MgSO4 and 150 ppm MgCl2.  

 

 

Figure 3.1. Nanoparticles characterized under Transmission Electron Microscope 

Table 3.1. Hydrophilic Silicon dioxide Nanoparticle dispersions, concentrations (wt %), pH 

and purity level 

Nanofluids Concentrations 

(wt% in 1 wt% NaCl) 

pH Purity 

(%) 

Hydrophilic Silicon dioxide 

Nanoparticles (HNP) 

0.05 

 

7.66 99.99 

0.1 

 

8.66 99.99 

0.5 

 

8.28 99.99 

1 8.52 99.99 
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3.1.3. Thiol Solutions 

The solutions used to represent alkanes and aromatic groups are 1-Undecanethiol and 2-

phenylethanethiol respectively with key properties summarized in  

Table 3.2. These thiols were purchased from Sigma Aldrich (St. Louis MO). Carboxylic acids are 

surface-active crude oil components typically found in both resins and asphaltene fractions, thus 

11-mercaptoundecanoic acid was used to represent –COOH group. The acid thiol was purchased 

as powder. 

Table 3.2. Thiol solutions used to functionalize AFM probes, and key properties. 

Non-polar thiol 

solutions 

Functional 

Group 

Molecular 

Wt.(g/gmol) 

Density 

(g/ml) 

Purity 

(%) 

Boiling Point 

(ºC) 

1Undecanethiol - 

CH3(CH2)9CH2SH 

Alkyl 188.37 0.841 98 103-104 

2-Phenylethanethiol - 

C6H5CH2CH2SH 

Phenyl 138.23 1.032 98 217-218 

Polar thiol powder Functional 

Group 

Molecular 

Wt.(g/gmol) 

Flash point 

(ºC) 

Purity 

(%) 

Melting point 

(ºC) 

11-

Mercaptoundecanoic 

acid - 

COOH(CH2)9CH2SH 

Carboxyl 218.36 > 110 95 46-50 

 

 Section 3.1.3 was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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3.1.4. Atomic Force Microscopy (AFM)  

3.1.4.1. Experimental Set-up for Chemical Force Microscopy  

The atomic force Microscope (AFM) is a high-resolution scanning probe microscopy tool which 

was used in this work to characterize the total interaction force that exists between a functionalized 

tip and mineral substrate in aqueous media – known as the adhesion force.  A schematic of the 

AFM setup is presented in Figure 3.2. As the functionalized tip gently approaches the surface, it 

senses surface properties and causes the cantilever to bend. The position of the laser spot reflected 

from the cantilever onto the photodiode detector changes in response and the resulting deflection 

is recorded by the detector. Depending on the tip-sample distance, the feedback controller either 

allows piezoelectric scanner to adjust the position of the tip or the data is transmitted through 

topography images and/or force maps. 

The design for the liquid cell experiments is shown in Figure 3.3. The substrate which is 

muscovite mica or quartz is pinned onto the magnetic plate with the liquid cell before the test 

solution is introduced (Figure 3.3a). Afterwards, the cantilever is lowered into the liquid-filled cell 

by adjusting the piezo scanner and the system is allowed to equilibrate (Figure 3.3b). Note that 

this is an open cell design: the liquid level is open to air so the liquid can evaporate over time. 

Chemical force microscopy (CFM) was used to perform adhesion tests in liquids. 

 

 

Section 3.1.4 was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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Figure 3.2. Schematic of AFM setup based on the Keysight 5500 Scanning probe 

microscope design used in this study 

In CFM, a functionalized probe is used as a chemical sensor which when brought close to a 

surface can detect nanoscale forces (such as Van der Waal and structural forces) that are resolved 

in adhesion force measurements (Afekare et al., 2020b). The spatial characterization of adhesion 

on a given sample area using CFM is referred to as chemical force mapping (Hassenkam et al., 

2012). Studies with CFM have been reported previously (Chandrasekhar and Mohanty, 2018; 

Hassenkam et al., 2012; Hilner   et al., 2016). Chemical force mapping was performed using a 

Keysight 5500 AFM (Santa Rosa, CA) using the force volume spectroscopy feature.  
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Figure 3.3. AFM liquid cell design: (a) an image of the cell containing test solution 

(brine or nanofluids) pinned with the substrate to a magnetic plate; and (b) a graphic of 

the overall setup as the tip scans the substrate area after equilibration.  

3.1.4.2. Thiolate Functionalization for Chemical Force Microscopy 

Gold-coated silicon nitride probes were employed for facile thiolate functionalization, which is a 

proven method to coat AFM probes for chemical force microscopy (Hassenkam et al., 2012; Hilner   

et al., 2016; Wu et al., 2017). A Pyrex PNP-TR-Au silicon nitride probe with a gold coated 

cantilever and tip of radius 28 nm and width of 3.3 µm was used (see Figure 3.4a). Analyses of 

crude oil can be tedious as it is a complex mixture, containing more than a thousand compounds. 

A convenient evaluation method is through saturate, aromatic, resin and asphaltene (SARA) 

analyses  (Hackley et al., 2020) and the AFM tip can be treated with different solutions to represent 

these groups. The choice of functional groups studied was also based on Pressure-Volume-

Temperature (PVT) tests performed on TMS oil samples (see Appendix A). The solutions used to 

represent alkanes and aromatic groups are 1-Undecanethiol and 2-Phenylethanethiol respectively 

(Figure 3.4b&c). These thiols were purchased from Sigma Aldrich (St. Louis MO). Carboxylic 

acids are surface-active crude oil components typically found in both resins and asphaltene 

fractions, thus 11-mercaptoundecanoic acid was used to represent –COOH group (Figure 3.4d). 

The acid thiol was purchased as powder. 
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Figure 3.4. Scanning Electron Microscope (SEM) micrograph of AFM probe and 

conceptual schematic of functionalized tips. (a) A Pyrex PNP-TR-Au probe with gold 

coated cantilever and tip functionalized with (b) -CH3, (c) -C6H5 and (d) -COOH groups 

3.1.4.3. Experimental Procedure 

Several aqueous media conditions were tested to determine an equilibrium adhesion time, i.e. the 

time after which there was no significant change in adhesion force (see Figure 3.5). Substantial 

variations were observed between 0 and 3 hrs compared to measurements taken after ≥ 8 hrs which 

were not significantly different from those observed after 3 hrs as shown. For the case of 1 wt% 

NaCl and 0.5 wt% HNP, evaporation effects might have caused substantial changes in adhesion 

force measurements after 3 hrs because the AFM fluid cell was not refilled over the course of the 

experiments. Nonetheless, it was determined that 3 hrs was sufficient time to obtain equilibrium 

adhesion, and this is in accordance with similar experiments performed elsewhere on brine 

composition effects on rock–oil interactions in carbonate reservoirs (Chandrasekhar and Mohanty, 

2018). The short time frame makes force spectroscopy provides benefits of efficiency when 

compared to previous wettability evaluation methods that require days to weeks to obtain 

statistically tangible and reliable results (Hendraningrat et al., 2013d; Mascle et al., 2019).  
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Figure 3.5. Graph of adhesion force as a function of time between a -CH3 terminated tip 

and mica in de-ionized water (DIW); artificial formation brine (AFB); 1 wt% NaCl and 

solutions of 0.05 wt% and 0.5 wt% silica nanoparticles dispersed in 1 wt% NaCl.  

Adsorption of nanoparticles is considered to be crucial for wettability improvement 

(Hendraningrat and Torsæter, 2015; Li and Torsæter, 2015b) and is related to nanoparticle 

concentration. The sequence of experiments was initiated with artificial formation brine and NaCl 

solution followed by low to high HNP concentrations, i.e. AFB > 1 wt%; NaCl > 0.05 wt%; HNP 

> 0.1 wt%; HNP > 0.5 wt%; HNP > 1 wt% HNP. The sequence was maintained for each 

experiment using functionalized probes. Force curves were taken with each test solution, collecting 

volume maps of adhesion force over a 5 μm x 5 μm scan area with 256 force curve measurements 

per map. After force volume maps were completed with a specific functionalized probe-substrate 

combination, the mineral substrate was replaced, and the test sequence was repeated. Results from 

AFM were processed using Gwyddion (version 2.55; released 2019-11-04), an open-source 

scanning probe microscopy data visualization and analysis tool (Nečas and Klapetek, 2012). 
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3.1.5. Experimental Workflow 

Following the experimental details provided in this section, a user-friendly experimental flowchart 

displayed in Figure 3.6 illustrates the systematic nature of the research – including materials used, 

preparation steps, experimental procedure and data analysis and interpretation.  As an original 

contribution of this work, a step-by-step guide on AFM force volume spectroscopy measurements 

using the Keysight 5500 Scanning Probe Microscope was prepared (see Appendix C). 

 

 

Figure 3.6. Flow chart highlighting the systematic nature of research – including materials used, 

preparation steps, experimental procedure and data analysis and interpretation. 

3.2. Micron-scale Characterization of Nanofluid EOR 

3.2.1. Materials  

In addition to the aqueous solutions already prepared - such as artificial formation brine (AFB), 

sodium chloride (1 wt% NaCl) solution and nanofluids (HNP and NNP) - pure oil compounds such 

as ethylbenzene and undecane purchased from Sigma Aldrich (St. Louis MO) were employed to 

present phenyl and alkyl functional groups. Specifically, ethylbenzene was employed as a 
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compound carrying -C6H5  due to its similarity in chemical formula with 2-Phenylethanethiol used 

for nanoscale experiments (see Figure 3.7a&b). Likewise, undecane was used to present -CH3 

functional groups due to resemblance in chemical structure with 1-undecanethiol employed at the 

nanoscale level (see Figure 3.7c&d).  

 

Figure 3.7. Different organic compounds employed in this study and their structural formulae 

:(a) Undecane (b) 1-Undecanethiol (c) Ethylbenzene (d) 2-Phenylethanethiol 

 

Carboxylic acids are usually in powder form due to its melting point so a mixture of 

ethylbenzene and undecanoic acid was used to represent -COOH compound. Degassed crude oil 

samples retrieved from a well drilled in the Amite County portion of TMS (labelled TMS) was 

also employed in this study. The oil samples were pulled from the oil leg of a heater treater, so it 

is likely that they would have been separated from the gas component which comes out of another 

outlet. Key properties of undecane, ethylbenzene and undecanoic acid are presented in Table 3.3 

while those of TMS are listed in Table 3.4 below. 
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Table 3.3. Selected organic compounds used for IFT tests and key properties 

Chemical Specific 

Gravity 

Melting 

Point (°C) 

Boiling Point 

(°C) 

Molecular 

Weight 

(mg/mol) 

Purity (%) 

Undecane (-CH3) 0.740 -26 196 156.31 ≥ 99 

Ethylbenzene (-C6H5) 0.867 -95 136 106.17 99.8 

Undecanoic acid  

(-COOH) 

0.85 28-31 228 186.29 ≥ 99 

 

Table 3.4. Key properties of TMS crude oil sample used for IFT and contact angle tests 

Crude Oil 

Sample ID 

API Gravity 

at 60°F 

Viscosity 

(cP) 

Asphaltene 

Content 

(wt%) 

Sulfur 

Content 

(wt%) 

Total Acid 

Number (mg 

KOH/g) 

TMS 38.4 0.526 1.2  0.14 < 0.05 

 

3.2.2. Optical Tensiometer 

Interfacial tension (mN/m) between nanofluids and TMS crude oil as well as pure mineral oils 

such as undecane, ethylbenzene and a mixture of undecanoic acid and ethylbenzene were measured 

using the Attension optical tensiometer. A cuvette was filled with the continuous phase (brine or 

nanofluids) while a syringe with a 1.88 mm-diameter needle was used to form the oleic drop phase. 

Using the pendant drop technique, interfacial tension was obtained after  ̴ 2 hrs which was deemed 

sufficient for equilibration of the oil droplet in liquid based on stability of average IFT and standard 

deviation over time. The final IFT values reported are averages of five measurements. The optical 
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tensiometer system was calibrated by measuring IFT of standard solutions such as decane and 

ethylbenzene before each experiment. Calibration results in comparison with reference data 

(Jennings, 1967; NOAA, 1999) are tabulated below: 

Table 3.5. Interfacial tension measurements obtained during optical tensiometer system 

calibration. The final IFT values reported are averages of five measurements.  

 

3.2.3. Dual-Drop-Dual Crystal (DDDC) Technique  

The advancing contact angle of an injecting fluid phase (brine or nanofluids) over an area of a rock 

previously occupied by a bulk oil droplet can be precisely measured using the well-established 

DDDC technique (Haeri and Rao, 2019; Kafili Kasmaei and Rao, 2015; Rao and Girard, 1996) as 

shown in Figure 3.8. In the DDDC system, dynamic contact angles are measured using two oil 

droplets that are placed on two polished surfaces made from the reservoir rock. The rock surfaces 

and oil droplets are aged in a cell filled with brine (or nanofluids as used in this work). Then the 

lower rock is flipped and the oil droplets on both rock surfaces are merged (Figure 3.8a).  
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Figure 3.8. (a) Schematic depiction of DDDC technique and the steps to measure dynamic water 

advancing contact angle (Rao, 2002); and (b) an image of the DDDC set-up during a TMS 

wettability characterization experiment 

 

At the stage of measuring the contact angle, the lower rock is gradually shifted while the 

three-phase-contact-line (TPCL) is monitored, as shown in Figure 3.9. Each time the side holder 

is shifted, the sheared oil droplet is given 30 mins to stabilize and the process continues until a 

change in three-phase contact-line or TPCL is observed. As seen in Figure 3.9, TPCL is normalized 

by dividing the distance from the lower left corner of the droplet to the edge of rock (l) by the 

initial distance of the right corner of the droplet to the edge of the rock (ri). A change in TPCL is 

recognized when l/ri or normalized TPCL is reduced, Once TPCL moved, the angle made by the 

droplet at the point of movement on the lower crystal in the water phase is measured as the dynamic 

water advancing angle.  
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Figure 3.9 Monitoring of the three-phase contact line (TPCL) movement to measure water-

advancing contact angle in the DDDC technique 

Measurements of advancing and receding contact angles and how they relate to reservoir 

conditions are elaborately studied by Rao (Rao, 2002) (also see Figure 3.8a). The water receding 

angle mostly represents the native wettability of the reservoir when oil migrated and displaced the 

water. In the case of waterflooding, however, oil is expelled from the reservoir by water, which 

suggests that the water advancing contact angle is the correct indicator for wettability 

characterization of the system.  

An image of the physical set-up during a TMS wettability experiment is shown in Figure 

3.8b. In addition to TMS artificial formation brine, nanofluids and TMS oil samples, two well-

polished rock samples cut out of TMS rocks are required. Blocks of rocks cut using a diamond 

milling machine and polishing pads were used to trim the samples into desired dimensions: 30 mm 

x 20 mm x 6 mm. Aluminum oxide polishing pads were used due to their non-reactivity with oil 

and water, and the rock samples were polished with pads of different mesh sizes (see Figure 3.10): 
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(a) 100; (b) 200; (c) 400; (d) 1000; and (e) 2000 grit. While polishing, the TMS rocks are allowed 

to rotate on the polishing pads which remain stationary. The process took between 30 s and 1 min 

per pad. No lubricating fluid is used when polishing the rock surfaces with pads of 100, 200 and 

400 grits; however, about 0.2 ml of TMS brine is required when polishing with pads of 1000 and 

2000 grits. The entire polishing process is also required for precise wettability characterization 

using DDDC: as will be shown subsequently, it helped confirm the true wetting state of TMS when 

comparing contact angle measurements with relative permeability curves. The polished TMS rock 

samples were fixed onto the rock holders and inserted into the optical cell. The dimension of the 

plate holder required trimming of the sample edges with polishing pads also. Next, the cell was 

filled with liquid – starting with AFB brine – and oil drops were introduced from the bottom of 

cell using a needle that was connected through a tubing to a syringe pump. Both the top and bottom 

rocks were aged with the oil droplets separately for 24 hrs in the surrounding aqueous media (brine 

or nanofluid) before images were captured and the advancing and receding contact angle values 

were obtained. The same procedure was repeated for HNP and NNP.  

 

Figure 3.10. Polishing of TMS rock samples for DDDC experiments using Aluminum Oxide 

pads of: (a) 100; (b) 200; (c) 400; (d) 1000; and (e) 2000 grit. The final polished surface (g) has a 

shiny and smooth appearance compared to unpolished sample (f).  

The exposure of the TMS rocks to elevated temperatures was avoided following an 

observation of cracks formed along the bedding planes when some pieces of rocks were gradually 
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heated in artificial formation brine (AFB); see Figure 3.11. This also explains why the rocks were 

not cleaned prior to contact angle experiments or corefloods and why high-pressure, high-

temperature contact angle tests were not conducted. The rocks completely broke down when an 

attempt was made to clean in a Soxhlet extractor. It was observed in this study that the TMS rocks 

are very fissile. 

 

Figure 3.11. Cracks were formed along the bedding planes of TMS rocks due to exposure to heat 

in formation brine, which prevented the use of the rocks in high-temperature experiments. 

3.2.4. Experimental Workflow 

Following the experimental details provided in this section, a user-friendly experimental 

flowchart displayed in Figure 3.12 illustrates the systematic nature of the research – including 

materials used, preparation steps, experimental procedure and data analysis and interpretation.   
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Figure 3.12. Flow chart highlighting the systematic nature of research – including materials used, 

preparation steps, experimental procedure and data analysis and interpretation.   

 

3.3. Core-Scale Characterization of Nanofluid-assisted CO2 EOR 

3.3.1. Coreflood Experimental Setup  

The coreflood system designed in this work as well as corresponding procedures followed were 

adopted from a water-alternating-gas EOR study conducted previously (Kulkarni and Rao, 2005), 

as presented in Figure 3.13. A 1 in diameter and 2 in length low-permeability TMS cylindrical 

piece of rock (or core) was cut from a larger core of 3 ft in length and 4 in diameter retrieved close 

to the TMS zone of interest, at a depth of interval of 15197.5’ and 15200.84’ TVD (see Figure 

3.15a&b). The core has an effective porosity and matrix permeability of  ̴ 4% and 0.071 mD 

respectively. The original, dry weight of the 1” x 2” core was measured to be  ̴ 64.6g using a mass 

balance (Figure 3.15c). Due to the fissile nature of shale, the core was fixed tight in a heat shrinkage 

tube with two Berea sandstone cores placed at each end for pressure support, as shown in Figure 

3.15. This approach was also adopted following a previous attempt to clean the cores which led to 
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complete disintegration upon cleaning in a Soxhlet extractor using a solvent mixture of methanol 

and ethylene glycol. Hence, the TMS core was used as received. The shrinkage tube (with cores) 

was then placed in the core holder and the system was subjected to a given confining pressure of 

1500 psi using hydraulic oil and a hand pump. The coreholder was flooded with dead oil from 

TMS under a constant pressure of 1000 psi using Teledyne D-Series Isco Pump and room 

temperature. It took  ̴ 12 days of oil flooding for the upstream and downstream pressures to 

equilibrate to 1000 psi (see Figure 3.14), primarily due to low porosity and permeability of the 

rock. The pump was then shut off and the core was allowed to age in oil for an additional 30 days. 

CO2 was injected at constant pressure of 1000 psi for 1 day.  

 

Figure 3.13. Laboratory coreflood design for core-scale EOR experiments conducted in this 

study (modified after Kulkarni and Rao (Kulkarni and Rao, 2005)) 
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Figure 3.14 Upstream, downstream and drawdown pressure profiles obtained during the flooding 

of the low-permeability TMS rock with crude oil for CO2 injection 

 

 

Figure 3.15. The diameter, length and weight of the TMS core used for CO2 EOR injection 

experiment were measured to be: (a) 1 inch; (b) 2 inches; and (c) ̴ 64.6 g respectively 



76 

 

 

 

Figure 3.16. The TMS core was fixed tight in a heat shrinkage tube with two Berea sandstone 

cores placed at each end for pressure support 

Next, the pressure profiles and flow rates were monitored over time. The recovery factor 

Rf was calculated by subtracting the final core weight (after injection) Wfinal from the initial weight 

of oil-saturated core (before injection) Winitial and dividing by the difference between initial weight 

of oil-saturated core Winitial and dry weight of core Wdry, i.e. 

 

 𝑅𝑓 =
𝑊𝑓𝑖𝑛𝑎𝑙 − 𝑊𝑖𝑛𝑖𝑡𝑖𝑎𝑙

𝑊𝑖𝑛𝑖𝑡𝑖𝑎𝑙 − 𝑊𝑑𝑟𝑦
 3.1 

3.3.2. Reservoir Fluid Characterization 

Extensive reservoir fluid Pressure-Volume-Temperature (PVT) data (provided by Australis Oil) 

were analyzed and modeled using a compositional Equation-of-State tool known as Computer 

Modelling Group (CMG) WinProp package. Data from the following PVT tests were provided 

and used as input parameters for reservoir fluid characterization with CMG WinProp: 

- Differential liberation (DL) 

- Constant Composition Expansion (CCE) 

- Reservoir fluid composition 

- Flash expansion 
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- Separator Test 

The reservoir initial pressure is 7497 psia, the reservoir temperature is 260°F and the saturation 

pressure is 1417 psia. The API gravity at 60°F is 38.4 and Gas-Oil Ratio is 610 scf/stb at or above 

saturation pressure, which implies that TMS is a black oil reservoir. Reservoir fluid 

characterization is important to properly model the compositional effects in TMS porous media 

multiphase flow and fluid/fluid interactions while modelling the core-scale potential of CO2 EOR 

augmented with nanoparticle dispersions.  Critical steps followed in CMG WinProp include: 

defining fluid composition, matching saturation pressure, EOS tuning using regression and 

lumping fluid into pseudo-components and predicting laboratory experiments such as DL and 

CCE. More details on the characterization process are found in the documentation package of 

CMG (version 2021).  

3.3.3. Reservoir Rock Characterization 

Well logging data and petrophysical properties – namely porosity and permeability – obtained 

from formation evaluation data were provided by Goodrich Petroleum & University of Louisiana 

Lafayette. From literature review (Hackley et al., 2020) and background information obtained from 

Goodrich & ULL, a formation interval called the high resistivity zone (HRZ) is the prolific part of 

the Tuscaloosa Marine Shale in terms of oil production and well deliverability. Thus, the HRZ in 

TMS is the focus of this study. A plot of absolute permeability versus porosity (K/Ø plot) for the 

entire well logging interval in Figure 3.17. The HRZ was delineated between from 15289.5’ – 

15467.5’ TVD from well logs using the deep, medium and shallow resistivity logs as well as TOC 

(Figure 3.18). Using this depth information helped to identify the K/Ø profile for HRZ, as shown 

in Figure 3.17b. The petrophysical parameters in the zone of interest exhibits a good correlation, 
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with R2 = 0.8, which limits the uncertainty in the reservoir quality of TMS. The K/Ø correlation is 

used as input variable in the J function. 

 

Figure 3.17. Permeability-porosity correlation obtained from the: (a) entire logged interval and 

(b) high resistivity zone (HRZ; also circled in top figure) in TMS. A correlation for TMS HRZ 

was obtained with R2 = 0.8018 

 Analyses of bottom hole temperature profile as a function of depth revealed that the deviated 

or horizontal section of the well kicked off at  ̴ 15056 ft. The geothermal gradient obtained in the 

vertical section was 1.41°F/100ft. 
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Figure 3.18. Logs of Total Organic Content (TOC) and formation resistivity in TMS were used 

to identify the high resistivity zone near the bottom of the well (boxed in red). The core samples 

used and analyzed in this study were obtained a few feet above the HRZ. 

 

3.3.4. Scaling: Capillary Pressure & Relative Permeability Modelling 

3.3.4.1. Capillary Pressure Modelling 

As discussed in the literature review section, two of the most important parameters used to quantify 

the efficiency of an EOR process are relative permeability and capillary pressure. Capillary 

pressure curves are affected by rock pore size distribution, interfacial tension, contact angle and 

pore structure (Falode and Manuel, 2014; Ghazanfari   M. H.    et al., 2006; Stimpson and Barrufet, 

2017). A dimensionless scaling group called the Leverett J-function was used to account for these 

effects (Gonzalez et al., 2016b; Leverett, 1941) in the core-scale characterization of nanofluid-

enhanced CO2 EOR. The J-function is an important analytical tool used for interpolation of 

capillary pressure in a reservoir containing multiple immiscible phases. In this work, it was used 

to obtain capillary pressure curves for the TMS reservoir zone of interest (HRZ) based on available 

mercury/air injection pressure data on TMS HRZ characterized elsewhere (Lohr and Hackley, 

2018). The petrophysical properties of the TMS HRZ cores used for mercury injection porosimetry 
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are displayed in Table 3.6 below and the resulting capillary pressure curves are shown in Figure 

3.19.   

Table 3.6. Properties of TMS HRZ cores obtained from petrophysical evaluations and mercury 

injection porosimetry (Lohr and Hackley, 2018) 

Sample 

ID 

Porosity, 

Ø  

Permeability, K 

(md) 

Median pore 

throat (microns) 

Pore radius 

(microns) 

Air-Hg 

entry 

pressure 

(psi) 

S20 0.0659 0.000168 0.00536 0.0334 3226 

S21 0.0519 0.00011 0.00551 0.0334 3226 

S22 0.0478 0.000059 0.004 0.0246 4380 

S23 0.0578 0.000133 0.00548 0.0405 2660 
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Figure 3.19. Tuscaloosa marine shale HRZ mercury-air capillary pressure curves obtained from 

core samples (Lohr and Hackley, 2018) 

It has been established that a representative pore radius is directly proportional to the 

permeability/porosity ratio, which mathematically implies that: 

 𝑅𝑝𝑜𝑟𝑒 ∝
𝐾𝑎𝑏𝑠

∅
 3.2 

Hence the J-function is given as (Gonzalez et al., 2016a; Leverett, 1941): 

 𝐽[𝑆𝑤] =
𝑃𝑐[𝑆𝑤]

𝜎 cos 𝜃
(

𝐾𝑎𝑏𝑠

∅
)

0.5

 3.3 

Where Pc [Sw] = capillary pressure as a function of wetting phase saturation Sw (psia) 

     Kabs = absolute permeability (mD) 

        𝜎 = interfacial tension (mN/m) 
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        𝜃 = water-advancing contact angle (°) 

        ∅ = porosity 

The Hg-air capillary pressure can be rescaled to oil-water and gas-water capillary pressure 

using the following equations (Lohr and Hackley, 2018): 

 
𝑃𝑐,𝑜/𝑤 = 𝑃𝑐,𝐻𝑔/𝑎𝑖𝑟 (𝜎 cos 𝜃)𝑜/𝑤

(𝜎 cos 𝜃)𝐻𝑔/𝑎𝑖𝑟

 
3.4 

 

 
𝑃𝑐,𝑔/𝑤 = 𝑃𝑐,𝐻𝑔/𝑎𝑖𝑟 (𝜎 cos 𝜃)𝑔/𝑤

(𝜎 cos 𝜃)𝐻𝑔/𝑎𝑖𝑟

 
3.5 

The oil-gas capillary pressure which is used for compositional simulation of  CO2 EOR is 

obtained by subtracting both equations (Chen, 2007) i.e.  

 𝑃𝑐,𝑔/𝑜 = 𝑃𝑐,𝑔/𝑤 − 𝑃𝑐,𝑜/𝑤 3.6 

The steps involved in obtaining capillary pressure curves are as follows: 

a) Obtain air-Hg Pc [Sw] and Kabs/∅ from Lohr and Hackley (2018) 

b) Obtain 𝜎𝑐𝑜𝑠𝜃 from optical tensiometer and DDDC 

c) Rescale air-Hg Pc [Sw] to oil-water, gas-water and oil-gas capillary pressures using 

equations 3.4-3.6.  

d) Calculate J[Sw] from equation 3.3 using parameters from steps a-c  

e) Obtain Kabs/∅ using permeability-porosity correlation for TMS zone of interest 

f) Re-compute the oil-water, gas-water and oil-gas capillary pressures using the J 

Function  
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3.3.4.2. Relative Permeability Modelling 

The final capillary pressure profile obtained in the previous section can be used to derive relative 

permeability values since the latter is also a function of rock-fluid interactions and petrophysical 

properties (Haeri and Rao, 2019; Jahanbakhsh and Sohrabi, 2015; Kafili Kasmaei and Rao, 2015). 

The importance of coupling relative permeability and capillary pressure is greatly justified by the 

dominance of nanopores (1-100 nm) in shale oil reservoirs like TMS. The Young-Laplace equation 

shows how high the capillary pressure can be (in thousands of psi) when the pore radii are in the 

order of nm. Previous studies on core-scale potential of nanofluid EOR in conventional rock 

systems have neglected the impact of capillary pressure as well as effects of both contact angle 

and interfacial tension changes on relative permeability and capillary pressure. In unconventional 

rocks, these subject areas to the best of my understanding have not been studied in depth. 

In this study, analytical relative permeability values were derived using the Purcell model 

(Purcell, 1949) which is recognized as of the most widely accepted models. In particular, it 

provides with a high-level accuracy fitting to experimental data of wetting-phase relative 

permeability when measured capillary pressure curves have the same residual oil saturation as 

relative permeability curve (Jahanbakhsh and Sohrabi, 2015; Li and Horne, 2006).  

For a reservoir with a saturation range of (1-Sor) to (1-Swi), the wetting- and non-wetting 

phase relative permeability values, namely Krw and Krnw can be determined as follows: 

 𝐾𝑟𝑤 =
∫

𝑑𝑆
(𝑃𝑐)2

𝑆=𝑆𝑤′

𝑆=0

∫
𝑑𝑆

(𝑃𝑐)2
𝑆=1

𝑆=0

 3.7 
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 𝐾𝑟𝑛𝑤 =
∫

𝑑𝑆
(𝑃𝑐)2

𝑆=1

𝑆=𝑆𝑤′

∫
𝑑𝑆

(𝑃𝑐)2
𝑆=1

𝑆=0

 3.8 

The steps followed to derive these values are follows: 

a. Obtain capillary pressure data Pc [Sw] 

b. Plot the curve 1/Pc
2
 as a function of wetting phase saturation Sw 

c. Find the area under the entire curve (denominator term in equations 3.7 and 3.8) 

d. For a selected value of wetting phase saturation (Sw ’¸say), calculate the area under the 1/Pc
2
 

curve from 0 to Sw’ (numerator term in equation 3.7). This gives the effective permeability 

to the wetting phase. 

e.  For the same value of wetting phase saturation (Sw ’¸say), calculate the area under the 1/Pc
2
 

curve from Sw’ to 1 (numerator term in equation 3.8). This gives the effective permeability 

to the non-wetting phase.  

f. Calculate the relative permeability of the rock to the wetting phase by dividing value 

obtained in step d by that obtained in step c (equation 3.7) 

g. Calculate the relative permeability of the rock to the non-wetting phase by dividing value 

obtained in step e by that obtained in step c (equation 3.8) 

3.3.4.3. Relative Permeability & Capillary Pressure Modelling Workflow 

The main steps used in deriving relative and capillary pressure using experimental data obtained 

from this study and elsewhere (Lohr and Hackley, 2018) coupled with Leverett J Function and 

Purcell Model are summarized in the workflow chart displayed in Figure 3.20.  

Analyses of the permeability and porosity data along the TMS HRZ shows that this portion 

of the reservoir can be classified distinctly into two zones: tight matrix (<0.1 mD) and fractured 
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zone (≥ 0.1 mD), as seen in Figure 3.17b. The arithmetic average permeability and porosity for the 

tight matrix portion are 0.02 mD and 0.08 respectively, while those of the fractured zone are 1 mD 

and 0.13, respectively. Subsequently, capillary pressure and relative permeability curves for TMS 

HRZ for the low and high permeability zones were obtained.  
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Figure 3.20. Workflow chart summarizing steps followed in computing relative and capillary 

pressure curves for matrix-dominated and fracture-dominated portions of TMS HRZ as a 

function of petrophysical parameters, contact angle and interfacial tension measurements 
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3.3.5. Model Building 

The dimensions of the Cartesian grid adopted in CMG GEM for compositional simulation of CO2 

EOR and nanofluid-assisted CO2 EOR were selected based on the dimensions of the TMS core 

used for high-pressure coreflood experiment, which was 2 in length x 1 in diameter. Subsequently, 

the grid dimensions are 0.167 ft (I direction) x 0.0739 ft (J direction) x 0.0739 ft (K direction). 

Two models were built in CMG were developed: a low permeability system for CO2 EOR 

study on the unfractured portion of the TMS HRZ and a high-permeability system as a 

representative elementary volume of the fractured region in TMS HRZ for nanofluid-assisted CO2 

EOR study. The main properties which served as input variables for both models are provided in 

Table 3.7. The relative permeability and capillary pressure curves for the in-situ fluids are specified 

as Region 1 under the rock/fluids tab while those of the injection fluids are in Region 2.  

Table 3.7. Significant input variables used for compositional simulation of CO2 EOR and 

nanofluid-assisted CO2 EOR in CMG GEM 
 

Unfractured region of TMS 

HRZ 

Naturally fractured region of TMS 

HRZ 

Case Study CO2 EOR Nanofluid-assisted CO2 EOR 

Porosity 0.04 0.13 

Permeability (mD) 0.07 1 

Reservoir depth (ft) 15200 15200 

Oil-water contact (ft) 15300 15300 

Initial reservoir pressure 

(psia) 

1014.7 1014.7 

Reservoir temperature ( ͦF) 260 260 



88 

 

Capillary pressure curves This study  This study  

Relative permeability 

curves  

This study This study  

PVT properties This study This study  

Number of grid blocks 15 15 

Grid dimensions 0.167 ft x 0.0739 ft x 

0.0739 ft 

0.167 ft x 0.0739 ft x 0.0739 ft 

 

The reference depth chosen was 15200 ft and oil-water contact assumed to be 15300 ft 

(since the entire core is in the oil zone). For CO2 injection, the well injection pressure was set to 

1000 psi and the duration of flow was set to a maximum of 7 days; in the lab, the injection pressure 

was held constant at 1000 psi and CO2 EOR process lasted for 1 day. For nanofluid-assisted CO2 

injection, the well injection pressure for both injection phases was set to 1000 psi and the duration 

of flow was set to a maximum of 7 days each, making a total of 14 days of EOR injection. Hence, 

the Dirichlet boundary condition was set for the models since the pressure was prescribed as a 

function of location and time (Chen, 2007). The radii of both injector and producer wells were 

specified based on the size of each grid block. 

With regards to the numerical parameters, most of the changes made were done to account for the 

small pressure, saturation and composition changes that are expected during a core flood 

simulation. All the parameters are an order of magnitude or two smaller than the default used by 

GEM. The maximum changes in simulation variables like pressure, saturation, composition are 

compared with the corresponding values for the normal variation per time step and the time step 

size is adjusted accordingly. I used large maximum changes per time step values to prevent time 
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step cuts on account of the changes in simulation variables exceeding the specified maximum 

value. The other parameters such as maximum newton iterations and threshold value improve 

numerical convergence. All of these parameters have been increased from the default to allow for 

more Newton and/or solver iterations that help with the convergence.  

After the model was initialized, sensitivity analysis on the effect of grid coarsening and 

refinement was performed by conducting CO2 EOR simulation with 3, 7, 15, 30, 60 and 120 grids. 

Figure 3.21 shows the changes in recovery factor with number of gridblocks. As shown, it appears 

that the optimum number of gridblocks is 15: using more grid blocks and less grid blocks both 

decreased recovery factor via CO2 EOR in low-permeability TMS core. On this basis, 15 

gridblocks were used for simulation, as seen in Figure 3.22.  

 

Figure 3.21. Effect of number of gridblocks on oil recovery factor CMG GEM during 

compositional simulation of CO2 EOR in low-permeability TMS core 
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Figure 3.22. Cartesian grid used for TMS core-scale simulation in CMG GEM, with specific 

dimensions 

3.4. Analytical Science & Surface Functionalization Procedures 

This section describes the different analytical science tools used for material characterization and 

procedures followed in the surface functionalization of hydrophilic silica nanoparticles. 

3.4.1. Zeta Potential Equipment 

The zeta potential of the nanoparticle dispersions was measured to study the effect of surface 

chemistry and electrostatic interactions. To measure zeta potential, nanoparticle dispersions were 

 

 Section 3.4 was previously published as Afekare, D.A., Garno, J.C. and Rao, D.N., 2020c. 

Application of Force Spectroscopy to Evaluate Rock-Fluid Interactions at the Nanoscale, 

SPE/AAPG/SEG Unconventional Resources Technology Conference. Unconventional Resources 

Technology Conference, Virtual, pp. 20. Reprinted with permission from URTeC, whose 

permission is required for further use. 
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injected through a syringe into disposable capillary cells which was then placed in the Malvern 

Zetasizer Nano-ZS (Malvern Panalytical, Westborough, MA) equipment.  

Before each experiment, the cells were rinsed with ultra-pure water twice. Nanofluid solutions 

containing 0, 0.05, 0.1, 0.5 and 1 wt% HNP (dispersed in 1 wt% NaCl) were tested. Three zeta 

potential measurements were performed on each sample, and all tests were at ambient conditions 

(25 ºC). 

3.4.2. Scanning Electron Microscopy (SEM) 

The Scanning Electron Microscope (SEM) was used in this study as a surface characterization 

technique to capture an image of the AFM tip and visualize the impact of nanoparticle adsorption 

on TMS rocks. For the visualization experiments, rock pieces were retrieved along bedding planes 

were trimmed into 0.5 cm x 0.5 cm which made it fit well onto the SEM mount. The original, 

unpolished samples were vacuumed for 10 minutes and then sputter-coated with platinum for 4 

minutes to curb charging artifacts. Rock surfaces coated with hydrophilic (HNP) solutions were 

oven-dried for  ̴1 hr. at 51ºC. Using the Quanta 3D FEG Focused-Ion Beam (FIB) SEM available 

at Louisiana State University (LSU) Shared Instrumentation Facility (SIF), SEM images were 

obtained using 20 KV beam acceleration voltage and 3.3 pA probe current, at different 

magnifications: 20 000, 50 000, and 100 000 x.  

3.4.3. X-Ray Diffraction (XRD) Analyses  

The objective of XRD analyses was to identify the dominant minerals which, as shown in Figure 

3.23, are clay minerals (43.9%) and quartz (43.3%), as shown in Table 3.8. The clay minerals 

identified are illite and kaolinite, and the mineralogical compositions are presented in Table 3.9. 

Rock chips from TMS cores (provided by Goodrich Petroleum and University of Louisiana) were 

crushed to powder for X-ray diffraction (XRD) study. All XRD results were obtained using 
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Malvern Panalytical High Score Plus V4.8 software, using the rietveld refinement technique. Other 

minerals such as calcite (5.4%), pyrite (3.1%), feldspars (2.6%) and anhydrite (1.7%) exist but 

appear to be in smaller amounts. This data was obtained from 3 different samples cored along the 

same section in the East Feliciana parish of the TMS formation where the cores were retrieved 

from, between 15197.95 ft and 15200.84 ft TVD (see Table 3.8). It is understood that there is 

significant mineralogical heterogeneity across TMS, as XRD data collected by several authors 

show (Borrok et al., 2019; Enomoto et al., 2018; Lu et al., 2011). Nonetheless, all referenced 

literature has identified the leading presence of clays and quartz in close to 100 wells in TMS.  

Table 3.8. Mineralogical composition (in weight percentage) of TMS based on XRD data from 

three samples. N/D = not detected 

Sample 

ID 

Approximate 

Depth (ft TVD)  

Clays 

(%) 

Quartz 

(%) 

Anhydrite 

(%) 

Feldspars 

(%) 

Calcite 

(%) 

Pyrite 

(%) 

TMS-1 15198.4 46.3 41.4 2.1 5.3 0.3 4.6 

TMS-2 15199.4 45.4 39.8 1.0 N/D 10.4 3.3 

TMS-3 15200.4 40.1 48.7 1.9 2.4 5.4 1.5 

 

Table 3.9. Mineralogical composition (in weight percentage) of clays identified in TMS based on 

XRD data from three samples 

Sample 

ID 

Approximate Depth (ft 

TVD)  

Illite 

(%) 

Kaolinite 

(%) 

Total percentage of clays in 

TMS (%) 

TMS-1 15198.4 29.6 16.7 46.3 

TMS-2 15199.4 25.4 20.0 45.4 

TMS-3 15200.4 23.0 17.1 40.1 
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Figure 3.23. X-ray Diffraction Analyses of TMS rock samples. Pie chart on the right shows that 

the dominant minerals in the formation are clay minerals (43.9%) and quartz (43.3%). Other 

minerals identified are calcite (5.4%), pyrite (3.1%), feldspars (2.6%) and anhydrite (1.7%). 

 

3.4.4. Silica Nanoparticle Silanization 

Surface-modified, amino-treated nanoparticle (NNP) dispersions were prepared by functionalizing 

hydrophilic nanoparticles (HNP) with (3-Aminopropyl) triethoxysilane (APTES), following a 

widely accepted silanization procedure (Kneuer et al., 2000). In addition to HNP powder samples, 

materials used for this process include acetic acid (purchased from Sigma Aldrich), SnakeSkin™ 

Dialysis Tubing (10K MWCO, 35 mm; purchased from Sigma Aldrich), APTES (purchased from 

Sigma Aldrich). The following steps were taken in the functionalization process: 

a. Mix 6g of HNP dry weight with 30g of water and 12 ml acetic acid 

b. Heat mixture at 80°C for  ̴1 hr.: The mixture was heated using a Soxhlet extractor that was 

circulated with water to maintain constant temperature. A thermometer was used for 

temperature check every 10 mins. 

c. Add  ̴ 0.8g of APTES and continue to heat for another 16 hrs, similar to step b.  
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d. Allow mixture to cool and pour into dialysis tubing. 

e. Dialyze 5 times for a 24-hr period while rotating mixture at  ̴ 200 rpm at room conditions. 

To limit particle aggregation, a pH of  ̴ 4 was maintained during this timeframe using HCl.  

After the steps were completed, the synthesis was confirmed by measuring zeta potential of 

0.1 wt% NNP at pH of 2,4,6,8 and 10. An NNP solution concentration of 0.1 wt% was obtained 

by oven-heating the initial suspension to 150°C to obtain the original weight concentration of 

0.48%, before dilution.  Initial pH was also modified using 0.01M HCl and 0.1M NaOH for acid 

and base titration, respectively. The z-potential versus pH data obtained was then compared with 

Kneuer et al.’s (2000) results, as shown in Figure 3.24. As seen, the physiochemical behavior for 

NNP most closely resembles that of Si22E and Si10E which are amino-synthesized particles with 

22 nm and 16 nm diameter, respectively. By interpolation (see Table 3.10), the isoelectric point 

(IEP) of NNP is 8.47 compared to 8.6 for Si22E and 8.1 for Si10E. Likewise, the z-potential of 

NNP at neutral pH (7.4) is 15.4 compared to 26 for Si22E and 17 for Si10E, which confirms the 

modification of surface charges via silanization.  
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Figure 3.24. Zeta potential titration of synthesized nanoparticles in this study (scatter plot with 

red line and circular markers) in comparison with Kneuer et al.’s (2000) results 

 

Table 3.10. Physicochemical parameters of synthesized particles obtained in this study compared 

to existing literature (Kneuer et al., 2000) 

Particle Diameter (nm) IEP (pH) Zeta potential at 

pH of 7.4 (mV) 

Literature 

Source 

NNP  16 8.47 15.4 This work 

Si10E 10 8.1 17 (Kneuer et al., 

2000) 

Si22E 22 8.6 26 (Kneuer et al., 

2000) 

Si100E 100 7.7 7 (Kneuer et al., 

2000) 

Si26H 26 8.6 31 (Kneuer et al., 

2000) 
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4. RESULTS AND DISCUSSION 

4.1. Nanoscale Characterization of Nanofluid Enhanced Oil Recovery 

4.1.1. Adhesion Force Characterization of Hydrophilic Silica-based Nanofluids 

4.1.1.1. Effect of Hydrophilic Silica-based Nanofluids on the Adhesion of Alkane (-CH3), 

Aromatic (-C6H5) and Carboxylate (-COOH) Compounds to Mica 

Aqueous dispersions of silica nanoparticles can desorb molecules of non-polar alkane (-CH3) and 

aromatic (-C6H5) compounds as well as polar carboxylic acid (-COOH) compounds from clay-rich 

rock surfaces (see Figure 4.1, Figure 4.2, and Figure 4.3). For the case of mica/-CH3 group (Figure 

4.3), mean adhesion force in synthetic TMS brine (AFB) and 1 wt% NaCl measured 400 pN and 

442 pN respectively, from force maps. However, the adhesion force reduced to 84 pN with 0.05 

wt% HNP, and successive increase in nanofluid concentration led to a reduction in surface energy, 

which signified further wettability improvement. The least adhesion force (29 pN) was attained 

with 0.5 wt% or 5000 ppm HNP, which represents a greater than 90% reduction compared to AFB. 

It appears, however, that there is an optimal silicon dioxide nanofluid concentration for wettability 

alteration such that a higher HNP concentration of 1 wt% HNP might actually lead to a rise in 

adhesion force and reverse wetting effects at the nanoscale. Nevertheless, decrease in adhesion 

force with increase in SiO2 nanoparticle dispersions presents concrete, sub-pore scale evidence of 

nano-EOR potential in clay-rich reservoirs with predominantly alkane hydrocarbons. 

 

 Section 4.1.1 was previously published as Afekare, D., 2020. Enhancing Oil Recovery Using 

Aqueous Dispersions of Silicon Dioxide Nanoparticles: The Search for Nanoscale Wettability 

Alteration Mechanism, SPE Annual Technical Conference and Exhibition. Society of Petroleum 

Engineers, Virtual, pp. 19. Reprinted by permission of Society of Petroleum Engineers. 
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Figure 4.1. Adhesion force maps obtained over a 5 μm x 5 μm scan area of mica in the presence 

of –CH3 compound and aqueous media such as brine and HNP solutions 

In the case of during mica/-C6H5 experiments, the average adhesion force in AFB and 1wt% 

NaCl measured 544 pN and 735 pN respectively whereas adhesion force in 0.05 wt% HNP 

measured 99 pN – indicating a more than 80% decrease compared to AFB (Figure 4.2). Higher 

nanofluid concentrations decreased the adhesion force even further: the least adhesion force of 52 

pN was measured in 0.5 wt% HNP which appeared to be the optimal concentration as it was in the 

case of mica/-CH3 interactions. Adhesion force however increased from 52 pN to 75pN when 

switching from 0.5 wt% to 1 wt% HNP nanofluid media.  

 

Figure 4.2. Adhesion force maps obtained over a 5 μm x 5μm scan area of mica in the presence 

of -C6H5 compound and aqueous media such as brine and HNP solutions 

Carboxylate compounds typically found in resin and asphaltene fractions of crude oils such 

as those found in TMS are markedly surface-active. Thus, they tend to notably influence interfacial 

energies and respond to wettability effects via chemical EOR (Afekare and Radonjic, 2017; 

Andersen et al., 2016). The polarity of these organic compounds is reflected in high adhesion 

forces measured between –COOH “greased” AFM tip and mica substrate regardless of the 
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surrounding liquid media (see Figure 4.3). The adhesion force measured in TMS artificial brine 

AFB and 1wt% NaCl was 942 pN and 3279 pN respectively, which is about 5x the force attained 

in mica/-C6H5 system and 7x the adhesion force in mica/-CH3 system at the same electrolyte 

conditions. Adhesion force decreased to 660 pN with 0.05 wt% HNP, however, suggesting that 

nanoscale wettability is shifted towards a less oil-wet state. 

 

Figure 4.3. Adhesion force maps obtained over a 5 μm x 5μm scan area of mica in the presence 

of –COOH compound and aqueous media such as brine and HNP solutions 

A further reduction in adhesion force was achieved with an increase in nanoparticle 

concentration, up until 1 wt% HNP which was the optimal concentration. Adhesion force 

decreased to 144 pN at this concentration – signifying nearly 90% reduction compared to AFB. It 

is worth stating that there was no increase in adhesion force between 0.5 wt% and 1 wt% HNP as 

observed in the experiments with non-polar alkane and aromatic compounds which suggests that 

crude oil composition affect the molecular dynamics of oil release and displacement via EOR using 

nanosilica dispersions. Even so, these studies reveal the latency of hydrophilic silica nanofluid 

EOR to recover adsorbed polar and non-polar crude oil molecules from clay-rich TMS formations. 

4.1.1.2. Effect of Hydrophilic Silica-based Nanofluids on the Adhesion of Alkane (-CH3), 

Aromatic (-C6H5) and Carboxylate (-COOH) Compounds to Quartz 

Formation mineralogy poses an effect on flow through porous media and EOR in general (Afekare 

and Radonjic, 2017) but mineralogical heterogeneity effects on silica-based nanofluid EOR is not 

known to a great detail – let alone fundamental mechanistic insights. Force volume maps presented 

below show that hydrophilic SiO2 nanoparticle dispersions can detach molecules of alkane, 
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aromatic and carboxylate compounds from quartz surfaces to drive nanoscale wettability 

improvement towards less oil-wet state, as observed on mica substrates. For the case of quartz/-

CH3 interactions (Figure 4.4), mean adhesion force in synthetic brine (AFB) and 1 wt% NaCl 

measured 425 pN and 244 pN respectively. However, the adhesion force reduced to 208 pN with 

0.05 wt% HNP – signifying more than a 50% decrease compared to AFB. A successive increase 

in nanofluid concentration led to a corresponding reduction in surface energy, indicating further 

wettability improvement. The least adhesion force (119 pN) was attained with 0.1 wt% or 1000 

ppm HNP, which represents a more than 70% reduction compared to AFB. It appears, however, 

that 0.1 wt% HNP is the optimal silicon dioxide nanofluid concentration because adhesion forces 

measured 442 pN and 213 pN at 0.5 wt% HNP and 1 wt% HNP. Nonetheless, a significant decrease 

in adhesion force observed with SiO2 nanoparticle dispersions presents additional sub-pore scale 

evidence of its EOR potential in tight oil reservoirs containing predominantly quartz and saturated 

alkane hydrocarbons.  

 

Figure 4.4. Adhesion force maps obtained over a 5 μm x 5 μm scan area of quartz in the presence 

of–CH3 compound and aqueous media such as brine and HNP solutions 

When quartz was contacted with –C6H5 tip, adhesion forces measured 2526 pN and 3858 

pN in AFB and 1 wt% NaCl respectively (Figure 4.5). In 0.05 wt% HNP, adhesion force measured 

1242 pN – decreasing by 50% compared to AFB brine. Higher concentration of silica nanoparticles 

led to greater decrease in adhesion: adhesion force measured 404 pN in 1wt% HNP (optimal 

concentration) which is more than 80% lower than in formation brine.  
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Figure 4.5. Adhesion force maps obtained over a 5 μm x 5 μm scan area of quartz in the presence 

of -C6H5 and aqueous media such as brine and HNP solutions 

Carboxyl (-COOH) compounds appear to adhere strongly to quartz in brine but less in 

nanofluid solutions, as shown in Figure 4.6. Adhesion force measured ~26 nN in AFB which is 

10x the force attained in quartz/-C6H5 system and 60x the adhesion force in quartz/-CH3 system at 

the same electrolyte conditions. In 1 wt% NaCl, an adhesion force of ~4 nN was recorded – more 

than the force obtained in quartz/-C6H5 system and 15x the adhesion force in quartz/-CH3 system. 

However, 0.05 wt% HNP yielded 644 pN – indicating 98% decrease compared to AFB and 

suggesting that nanoscale wettability is shifted towards a less oil-wet state. A further reduction in 

adhesion force was attained with an increase in nanoparticle concentration, up until 0.5 wt% HNP 

which was the optimal concentration. Adhesion force decreased to 242 pN at this concentration – 

signifying 99% reduction compared to AFB. As shown in Figure 4.6 also, there was a noticeable 

increase in adhesion force between 0.5 wt% and 1 wt% HNP, from 242 pN to 495 pN. This sheds 

more light on nanofluid as an EOR agent and suggests that both rock mineral and crude oil 

composition affect the molecular dynamics of the oil release and mobilization processes at 

nanoscale. Even so, these findings reveal the potential of silica nanofluid EOR to recover adsorbed 

polar and non-polar crude oil species from pore walls in tight rocks such as TMS containing 

primarily inorganic pores with quartz minerals. 
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Figure 4.6. Adhesion force maps obtained over a 5 μm x 5 μm scan area of quartz in the presence 

of–COOH compound and aqueous media such as brine and HNP solutions 

4.1.2. Adsorption of Silica Nanoparticles and Nanoscale Wetting Effects 

Adsorption of nanoparticles on the walls of pore bodies in petroleum reservoirs is fundamental to 

its wettability-altering performance but adsorption of nanosilica materials and impact on rock/fluid 

interactions is not well understood. If the nanoparticles do not adsorb or adsorb reversibly, there 

is a high tendency for surface wettability to return to an initially more oil-wet state as previously 

detached oil molecules may re-attach on pore surfaces during nanofluid injection, which may lead 

to an increase in oil saturation and poor recovery factor. Thus, the purpose of this study was to test 

for the reversibility of silicon dioxide nanoparticles by measuring adhesion forces in NaCl and 

AFB before and after HNP experiments. It is worthy of note that the mineral substrates were rinsed 

with copious rinses of De-ionized water after HNP treatments and before re-immersion in NaCl 

and AFB solutions. In such case, there are three different possibilities: 

a. The post-HNP adhesion forces are significantly lower than pre-HNP adhesion forces: This 

would indicate irreversible adsorption of the SiO2 nanoparticles and also indicate that 

 

 Section 4.1.2 was previously published as Afekare, D., 2020. Enhancing Oil Recovery Using 

Aqueous Dispersions of Silicon Dioxide Nanoparticles: The Search for Nanoscale Wettability 

Alteration Mechanism, SPE Annual Technical Conference and Exhibition. Society of Petroleum 

Engineers, Virtual, pp. 19. Reprinted by permission of Society of Petroleum Engineers. 
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adsorption promotes adhesion force reduction and wettability change towards a less oil-

wet (more hydrophilic) state. 

b. The post-HNP adhesion forces are significantly higher than pre-HNP adhesion forces: This 

would indicate irreversible adsorption of the SiO2 nanoparticles and also indicate that 

adsorption promotes adhesion force increase and wettability change towards a less water-

wet (more hydrophobic) state. 

c. The post-HNP adhesion forces are the same as pre-HNP adhesion forces: This would 

indicate reversible or non-adsorption of the SiO2 nanoparticles. 

The first possibility (point a) was proven, as shown in Figure 4.7. For mica interacting with –

CH3 tip, pre-HNP adhesion forces in AFB and 1 wt% NaCl were 400 pN and 442 pN respectively 

whereas post-HNP adhesion forces were 170 pN and 189 pN respectively- indicating more than 

50% decrease (Figure 4.7a). For quartz contacted with –CH3 tip, pre-HNP adhesion forces in AFB 

and 1 wt% NaCl were 426 pN and 244 pN respectively whereas post-HNP adhesion forces were 

278 pN (35% decrease) and 120 pN (50% decrease) respectively (Figure 4.7b).  

 
Figure 4.7. Adhesion force measurements obtained in AFB and 1 wt% NaCl before and after 

nanofluid treatments of (a) mica surfaces and (b) quartz surfaces in contact with alkane (-CH3) 

compounds 
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These findings agree with a previous AFM imaging study on mica substrates at elevated 

temperatures (Afekare et al., 2020b) and SEM micrographs (see Appendix B) which showed that 

nanoparticles adsorb on quartz surfaces and illite clays (Afekare et al., 2020c). Column floods 

(Zhang et al., 2015) and adsorption tests (Abhishek et al., 2018) have also confirmed adsorption 

of nanoparticles on sandstones with clay sites. 

4.1.3. Effect of Nanoparticle Surface Modification with Aminosilanes on Adhesion Force  

4.1.3.1. Effect of Surface-modified Silica-based Nanofluids on the Adhesion of Alkane (-

CH3), Aromatic (-C6H5) and Carboxylate (-COOH) Compounds to Mica 

The objective of this study is to investigate the impact of silanization of hydrophilic silicon dioxide 

nanoparticles (HNP) on the adhesion force measured using force spectroscopy. As stated in the 

methodology section, the nanoparticles were functionalized with APTES to yield corresponding 

amino-treated nanoparticle dispersions (NNP). The impact of -NH2 group on the wettability 

performance of SiO2 nanoparticles has been studied in oil-treated Berea sandstones at the micron-

to-core scales  but little is known about nanoscale wettability alteration effects – especially in pure 

mineral systems interacting with crude oil chemical species. In this work, AFM adhesion force 

data obtained with NNP at 0.1 wt% was compared with results obtained with HNP at 0.1 wt% and 

0.5 wt% at the same pH of 6. The pH value was chosen as the reservoir pH in TMS based on 

geochemistry data was observed to be between 6 and 6.8. Only one type of NNP concentration 

was considered due to the partial solubility of the modified nanoparticles in NaCl. Figure 4.8 shows 

force maps with mean adhesion forces recorded when mica was contacted with –CH3 compound, 

in the presence of HNP and NNP solutions. In the case of mica contacted with –CH3 group, it can 

be seen that switching from 0.1 wt% HNP to 0.5 wt% HNP (both at pH of 6) slightly decreased 

adhesion force from 110 to 94 pN, whereas switching to 0.1 wt% NNP increased adhesion force 
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significantly. Adhesion force in NNP solution is more than 2x force measured in HNP solutions at 

0.1 wt% and 0.5 wt%.  

 

Figure 4.8. Adhesion force maps obtained over a 5 μm x 5 μm scan area of mica in the presence 

of (a) –CH3 compound, HNP and NNP solutions at a pH of 6 

Similarly, for a mica/C6H5 system, an increase in HNP concentration led to a modest 

reduction in adhesion force (52 pN to 49 pN) whereas switching to 0.1 wt% NNP increased 

adhesion force to 200 pN: ̴ 4x adhesion force recorded in HNP solutions (Figure 4.9).  

 

Figure 4.9. Adhesion force maps obtained over a 5 μm x 5μm scan area of mica in the presence 

of -C6H5 compound, HNP and NNP solutions at a pH of 6 

In the case of mica contacted with surface-active carboxylate (COOH) compounds, 

adhesion force reduced from 251 pN to 63 pN when switching from 0.1 wt% HNP to 0.5 wt% 

HNP whereas switching to 0.1 wt% NNP led to an increase in adhesion force to 500 pN, 2x the 

force measured in 0.1 wt% HNP and nearly 8x the force recorded in 0.5 wt% HNP (Figure 4.10).  
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Figure 4.10. Adhesion force maps obtained over a 5 μm x 5μm scan area of mica in the presence 

of –COOH compound, HNP and NNP solutions at a pH of 6 

The increase in surface energies due to silanization of silica nanoparticles can be due to particle 

surface charge and hydrophobicity of amino group being grafted onto the SiO2 particle surface. 

First, the zeta potential of 0.1 wt% NNP measured 12.23 mV, which implies a net positive surface 

charge. In comparison, the zeta potential of 0.1 wt% HNP and 0.5 wt% HNP measured – 18.75 

mV and – 28.1 mV respectively. As a result, adsorption of the NNP particles on mica will steer 

the mineral substrate towards a less negatively charged state and compress the electrical double 

layer in the presence of negatively charged functional groups such as carboxylic acid (COOH-) 

compounds. Second, the presence of NH2- functionalized silica nanomaterials will render the mica 

surface more hydrophobic which has the potential to also increase adhesion force when mica is 

contacted with different crude oil chemical species with hydrophobic groups such as –CH3, -C6H5 

and –COOH compounds.  

4.1.3.2. Effect of Surface-modified Silica-based Nanofluids on the Adhesion of Alkane (-

CH3), Aromatic (-C6H5) and Carboxylate (-COOH) Compounds to Quartz 

The effect of surface treatment of silica nanoparticles with aminosilanes is consistent for the 

functional groups tested on muscovite mica in a pH-controlled environment, but the same cannot 

be said for quartz surfaces. The figures below show force maps with mean adhesion forces 

recorded when quartz was contacted with –CH3, -C6H5, and –COOH compounds respectively, in 

the presence of HNP and NNP solutions. When quartz was contacted with –CH3 group, switching 
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from 0.1 wt% HNP to 0.5 wt% HNP (both at pH of 6) slightly decreased adhesion force from 840 

to 757 pN on average, whereas switching to 0.1 wt% NNP increased adhesion force significantly 

to 1033 pN (Figure 4.11).   

 

Figure 4.11. Adhesion force maps obtained over a 5 μm x 5μm scan area of quartz in the 

presence of –CH3 compound, HNP and NNP solutions at a pH of 6 

 However, for a quartz/C6H5 system, an increase in HNP concentration from 0.1 wt% to 0.5 

wt% led to an increase in adhesion force, from 173 pN to 208 pN (possibly due to precipitation 

effects) whereas switching to 0.1 wt% NNP decreased adhesion force to 71 pN: ̴ 0.3-0.4x adhesion 

force recorded in HNP solutions (Figure 4.12).  

 

Figure 4.12. Adhesion force maps obtained over a 5 μm x 5μm scan area of quartz in the 

presence of –C6H5 compound, HNP and NNP solutions at a pH of 6 

 In the case of quartz contacted with surface-active carboxylate (COOH) compounds, there 

were no notable changes in adhesion force when switching from 0.1 wt% HNP to 0.5 wt% HNP, 

whereas switching to 0.1 wt% NNP led to a modest decrease in adhesion force to 58 pN (Figure 

4.13). These trends contrast with those of mica/functional group interactions and although the 
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underlying mechanisms are not known to great detail, it highlights the potential influence of 

petroleum reservoir mineralogical composition on wettability effects of NH2-modified silica 

nanoparticles.  

 

Figure 4.13. Adhesion force maps obtained over a 5 μm x 5μm scan area of quartz in the 

presence of –COOH compound, HNP and NNP solutions at a pH of 6 

4.1.4. Correlation between Adhesion Force, Work of Adhesion and Wettability 

The peak adhesion force characterized throughout this study is the point of maximum deflection 

from the zero base line on the retract portion of the force curve generated under chemical force 

spectroscopy using AFM (Chandrasekhar and Mohanty, 2018). For a functionalized tip in contact 

with a mineral substrate (substitute for a rock surface) immersed in a liquid medium, the integral 

area between the approach and retract portions of the force curve is known as work of adhesion 

(Afekare et al., 2020b) (see Figure D. 1 in Appendix D). In the context of crude oil/rock/brine (or 

nanofluid) interactions, this property – also referred to as adhesion energy - is defined as the energy 

required to separate the oil/rock interface, forming new oil/brine (or nanofluid) interface and brine 

(or nanofluid)/rock interface (Zhang, 2013). Hypothetically speaking, the swept regions of TMS 

rocks containing 100% oil will see a gradual reduction in oil saturation (shift toward more water-

 

 Section 4.1.4 was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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wet state) while regions containing a mixture of oil and connate brine (possibly mixed-wet) may 

observe an increase in the rock relative permeability to oil and also decrease in residual oil 

saturation. 

Injecting dispersions of silicon dioxide nanoparticles into the reservoir can penetrate 

oil/rock interfaces by forming a wedge film (Bennetzen and Mogensen, 2014; Chengara et al., 

2004; Haeri and Rao, 2019). By doing so, fluids containing nanoparticles will advance over the 

area previously occupied by the oil phase, reducing the work of adhesion to gradually change the 

system to a less oil-wet state. Since the aim of this study is to simulate rock/oil/brine and 

rock/oil/nanofluid systems using mineral substrate/functionalized tip/brine and mineral 

substrate/functionalized tip/nanofluid models respectively, it can be said that the work of adhesion 

obtained from AFM will give an indication of the wetting effects of nanofluid EOR, in addition to 

adhesion force measurements. It has been established from modelling and experimental efforts 

that both properties are directly related. Two of the most popular models on adhesion mechanics 

were developed by Johnson, Kendall and Roberts (JKR) (Johnson et al., 1971) and by Derjaguin, 

Muller and Toporov (DMT) (Derjaguin et al., 1975). In terms of percentage changes in adhesion 

energy, these models were compared with an AFM-derived mathematical expression; elaborate 

details on derivations of formulae are available in APPENDIX D and a summary of models used 

is presented in Table 4.1. As shown, the input parameters for all the equations are: adhesion force, 

spring constant, tip radius, nanoparticle radius and characterization constant. The adhesion force 

was measured throughout the study and the tip was calibrated using “thermal K” feature of the 

Keysight AFM force spectroscopy module to obtain the spring constant of 0.08 N/m. The spring 

constant determined by the manufacturer was also 0.08 N/m. An SEM image of the AFM probe 

was captured to measure the tip radius of 28 nm (Figure D.2 in Appendix D) and a transmission 
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electron microscope (TEM) image of the silica nanoparticles was captured to obtain a radius of 8 

nm (Figure 3.1). The characterization constant αadh is a function of the substrate material and 

mechanical properties (Afekare et al., 2020a; Derjaguin et al., 1975; Johnson et al., 1971). Note 

that it is the percentage change that is more meaningful to discuss rather than absolute values since 

the DMT and JKR models do not consider exactly the same parameters for calculating Wadh as did 

this study (see Table 4.1).  

Table 4.1. Summary of models used in calculating work of adhesion 

Models used Required 

Parameters 

Source of Parameters Unit References 

𝑊𝑎𝑑ℎ =
𝐹𝑎𝑑ℎ

2

2𝑘𝑠
 

Adhesion force, 

Fadh  

This study Joule (Afekare et al., 

2020a; Butt et al., 

2005) Spring constant, 

ks 

This study; tip 

manufacturer  

𝑊𝐷𝑀𝑇 =
𝐹𝑎𝑑ℎ . 𝑅

𝛼𝑎𝑑ℎ
 

 

𝑅 =
𝑅𝑡𝑖𝑝. 𝑅𝑁𝑃

𝑅𝑡𝑖𝑝 + 𝑅𝑁𝑃
 

Adhesion force, 

Fadh  

This study  Joule (Derjaguin et al., 

1975) 

Tip radius, Rtip This study (see Figure 

D.2) 

Nanoparticle 

radius, RNP 

This study (see Figure 

3.1) 

Characterization 

constant, αadh 

αadh = 2 from Derjaguin 

and co-authors’ work 

(Derjaguin et al., 1975) 

𝑊𝐽𝐾𝑅 =
𝐹𝑎𝑑ℎ . 𝑅

𝛼𝑎𝑑ℎ
 

 

𝑅 =
𝑅𝑡𝑖𝑝. 𝑅𝑁𝑃

𝑅𝑡𝑖𝑝 + 𝑅𝑁𝑃
 

Adhesion force, 

Fadh  

This study  Joule (Johnson et al., 

1971) 

Tip radius, Rtip This study (see Figure 

D.2) 

Nanoparticle 

radius, RNP 

This study (see Figure 

3.1) 

Characterization 

constant, αadh 

αadh = 1.5 from Johnson 

and co-authors’ work 

(Johnson et al., 1971) 
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For the case of hydrophilic silica nanoparticle dispersions (HNP), the maximum decrease 

in Wadh was calculated as a percentage decrease in adhesion energy when switching from synthetic 

formation brine AFB to the optimal HNP concentration. Note that AFB is the reference fluid and 

not necessarily the liquid media that yields the highest adhesion, since, in real-life applications, 

the EOR potential of nanofluids is typically demonstrated by comparing its performance with that 

of injected formation brine. For tests involving solutions of functionalized nanoparticles NNP, the 

change in adhesion energy due to surface modification was calculated as a percentage change when 

switching from 0.1 wt% HNP to 0.1 wt% NNP at a pH of 6.  

The adhesion energy obtained in brine media (AFB and I wt% NaCl) when mica and quartz 

substrates  are contacted with –CH3, -C6H5 and –COOH species were in the order of 10-18J (aJ) to 

10-15J (fJ) whereas Wadh obtained in nanofluid media were typically less than 10 aJ and down to 

10-3aJ (Figure 4.14). The interaction between molecules of alkane compound (-CH3) and mica in 

AFB requires a pull-off energy of 1 aJ, whereas switching to 0.5 wt% HNP (optimum 

concentration) depressed Wadh to 5.3 x 10-3aJ, equivalent to a 99% maximum reduction. In 

comparison with JKR and DMT models, the maximum decrease obtained was 98% (Figure 4.14a). 

A nanofluid concentration of 0.5 wt% HNP also decreased the work of adhesion by 99% when 

compared to AFB – from 1.9aJ to 1.7 x 10-2aJ - when mica was contacted with an aromatic (C6H5) 

tip. This agrees excellently well with JKR and DMT models which both predicted 98% maximum 

decrease (Figure 4.14b). When mica was contacted with -COOH group, adhesion energy was 

generally higher than with alkane and aromatic groups, but the effect of silica nanoparticles was 

still as considerable. Nanofluids at 1 wt% concentration (optimum) decreased Wadh from 5.5aJ (in 

AFB) to 0.1aJ. This signifies a 98% maximum reduction, which is also in excellent agreement 

with DMT and JKR forecasts of 97% (Figure 4.14c).   
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Figure 4.14. Maximum percentage decrease in work of adhesion (Wadh) between: (a) -CH3 and 

mica;  (b) -C6H5 and mica; and (c) -COOH and mica obtained herein and based on DMT and 

JKR models when switching from TMS formation brine (AFB) to hydrophilic SiO2 nanofluids 

(HNP) at optimal concentration. 

The interaction between molecules of alkane compound (-CH3) and quartz in AFB requires 

a work of adhesion of 1.1aJ, whereas switching to 0.1 wt% HNP (optimum concentration) 

decreased Wadh to 8.9 x 10-2 aJ, signifying a 92% maximum reduction (see Figure 4.15). In 

comparison with JKR and DMT models, the maximum decrease obtained was 94% (Figure 4.15a). 

A nanofluid concentration of 1 wt% HNP also decreased the work of adhesion by 98% when 

compared to AFB – from 40 aJ to 1 aJ - when quartz was contacted with an aromatic (C6H5) tip. 

This agrees well with JKR and DMT models which predicted 97% (Figure 4.15b). When quartz 

was brought into contact with –COOH group, adhesion energy was again generally higher than 

with alkane and aromatic groups. Nanofluids at 0.5 wt% HNP concentration (optimum) decreased 

Wadh from 4.2 fJ (in formation brine AFB) to 0.4 aJ, signifying a ~100% reduction which is also 

in excellent agreement with DMT and JKR forecasts of 100% (Figure 4.15c).  
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Figure 4.15. Maximum percentage decrease in work of adhesion (Wadh) between: (a) -CH3 and 

quartz;  (b) -C6H5 and quartz; and (c) -COOH and quartz obtained herein and based on DMT and 

JKR models  

At a pH of 6, the grafting of aminosilanes onto the surfaces of SiO2 nanoparticles increased 

the adhesion energy between mica and -CH3 by 480%, when comparing 0.1 wt% HNP (7.6 x 10-2 

aJ) and 0.1 wt% NNP (0.4 aJ) (see Figure 4.16a). In comparison, the JKR and DMT models 

forecasted a 181% increase in surface energies due to nanoparticle silanization. The Wadh for NNP 

dispersions was calculated using DMT and JKR equations by accounting for a 1 nm-thick coating 

of aminosilanes on SiO2 nanoparticles; note that our AFM-derived expression does not require the 

thickness of APTES, as shown in Table 4.1. For the case of mica in contact with -C6H5 group, 

adhesion energy again increased by about 1379% when switching from HNP (1.7 x 10-2 aJ) to 

NNP (0.3 aJ) at 0.1 wt% and pH of 6, compared with the 349% increase predicted by DMT and 

JKR models (see Figure 4.16b). Similarly, the silanization of silica nanoparticles increased the 

adhesion energy between mica and -COOH group by 297% - from 0.4 aJ with 0.1 wt% HNP to 

1.6 aJ with 0.1 wt% NNP at a pH of 6 (see Figure 4.16c). In comparison, DMT and JKR model 

predicted a 132% increase in adhesion energy. 
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Figure 4.16. Percentage change in work of adhesion (Wadh) due to silanization of silica 

nanoparticles between: (a) -CH3 and mica;  (b) -C6H5 and mica; and (c) -COOH and mica 

obtained herein and based on DMT and JKR models  

The inconsistent trend observed for the effect of silica nanoparticle surface 

functionalization on adhesion forces measured on quartz substrates in contact with functional 

species is also expressed in changes in work of adhesion (see Figure 4.17). At a pH of 6, the 

grafting of aminosilanes onto the surfaces of SiO2 nanoparticles increased the adhesion energy 

between quartz and -CH3 by 65%, when comparing 0.1 wt% HNP (4 aJ) and 0.1 wt% NNP (7 aJ) 

(see Figure 4.17a). In comparison, DMT and JKR models forecasted a 50% increase. However, 

for the case of quartz in contact with -C6H5 group, adhesion energy decreased by 83% when 

switching from HNP (0.2 aJ) to NNP (3 x10-2 aJ) at 0.1 wt% and pH of 6, compared with the 52% 

decrease predicted by DMT and JKR models (Figure 4.17b). Likewise, the silanization of silica 

nanoparticles decreased the adhesion energy between quartz and -COOH group by 31%, from 3 

x10-2 aJ with 0.1 wt% HNP to 2 x10-2 aJ with 0.1 wt% NNP at a pH of 6 (Figure 4.17c). In 

comparison, DMT and JKR model predicted only a 3% decrease in adhesion energy. 
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Figure 4.17. Percentage change in work of adhesion (Wadh) due to silanization of silica 

nanoparticles between: (a) -CH3 and quartz;  (b) -C6H5 and quartz; and (c) -COOH and quartz 

obtained herein and based on DMT and JKR models  

4.1.5. Discussions 

New insights into the wettability alteration mechanisms of nanofluid EOR at the nanoscale are 

presented, with concrete scientific evidence in the context of adhesion force and energy. It was 

shown that hydrophilic silicon dioxide nanoparticles dispersed in salt solutions (NaCl) 

significantly reduce the adhesion of both charged (COOH) and uncharged (CH3 and C6H5) 

functional groups to quartz and mica. In all experiments involving unmodified silica nanoparticles, 

it can be reasonably inferred that an optimal concentration of 0.5 wt% (or 1 x 1015
 particles/ml) 

was found; in certain cases, such as mica/CH3/HNP, mica/C6H5/HNP and quartz/COOH/HNP, 

increasing nanofluid concentration from 0.5 wt% to 1 wt% HNP increased adhesion force. It was 

also demonstrated that the grafting to aminosilanes onto the nanoparticles to create a net positive 

surface charge increased adhesion force of CH3, C6H5 and COOH terminated tips to mica; 

however, results obtained with quartz substrates were inconsistent. The irreversible adsorption of 

silica nanoparticles was also observed. In this section, the scientific significance and broad 

engineering implications of these findings are discussed.  
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The silica nanomaterials used have a radius of 8 nm and a high surface area of 185 m2/g 

which means they have sufficiently high surface “free” energies. As the number of nanoparticles 

in solution increases, the surface energy increases. There is also an energy that arises from the 

interaction of pure mineral substrates (quartz and clays) and chemical functional groups (CH3, 

C6H5 and COOH) – known as adhesion energy (or work of adhesion). This property constitutes an 

energy barrier which must be surmounted to disrupt the interfaces between the mineral surfaces 

and functional groups, synonymous to rock/oil interfaces. This study, therefore, showed that, due 

to their surface energies, silica nanoparticles can significantly reduce the adhesion energy barrier 

for the spontaneous release of crude oil molecules from clay- and quartz-rich rock surfaces. As 

previously discussed, the adhesion force and energy reductions correspond to the creation of 

disjoining pressure which aids the development of wetting films of nanofluid dispersions to 

liberate crude oil species from mineral surfaces (Afekare et al., 2020a). In comparison with TMS 

brine (AFB), dispersions of hydrophilic silica nanoparticles at optimal concentrations (HNP) 

decreased adhesion force and energy by 90% and 99% respectively on average when mica 

substrates were contacted with -CH3, -C6H5 and –COOH terminated tips. Regarding experiments 

on quartz, HNP at optimal levels also decreased adhesion force and energy by 85% and 97% 

respectively on average.  

The zone of interest in Tuscaloosa Marine Shale for which these silica nanomaterials are 

being studied as potential EOR reagents is populated with interconnected natural fractures. These 

fractures contain the oil in place, with about 44% of illite clays and 43% quartz, and which may 

imply that much of the in-situ hydrocarbons are contained in inorganic pores. As a result, in 

probing chemical interactions between functional groups and quartz/clay minerals, this study 
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demonstrates the latency of silica nanoparticles to improve oil production from the inorganic pores 

in TMS.  

The adhesion force measured using the AFM is a resultant of different intermolecular 

contributions: Van der Waals force FvdW, non-electrostatic adhesion Fnel, electrostatic repulsion Fel 

and structural forces Fstr which may be identified from the approach and retract portions of the 

force-displacement curves (Afekare et al., 2020a; Afekare et al., 2020b; Heinz and Hoh, 1999). 

The latter three force components Fnel, Fel and Fstr are affected by silica nanoparticles while Van 

der Waal forces which typically apply to all discrete bodies are insensitive to aqueous chemistry 

(Afekare et al., 2020a). Figure 4.18 displays a few representative examples of the thousands of 

force-displacement (F-z) curves obtained, for brevity. Meaningful discussions on surface and 

intermolecular forces can be made using these graphs and the actual force-distance curves (Figure 

4.18d) may be used to calculate these forces (Afekare et al., 2020a; Lorenz et al., 2017).  

 

Figure 4.18. Examples of force curves obtained. The force-displacement curves show: (a) non-

electrostatic adhesion (blue arrow line); (b) increase in electrostatic repulsion (pointed by red 

arrow line); (c) structural forces; and (d) the true force-distance curve.  

The surface energy of the SiO2 nanoparticles is directly related to their chemical potential: 

an increase in the nanoparticle concentration follows an increase in chemical potential gradient at 

the rock/fluid interface and a subsequent decrease in the non-electrostatic component of the 

adhesion force, shown in Figure 4.18a. The engineering implication is that silica-based nanofluids 
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can recover uncharged crude oil molecules like alkane and aromatic compounds from TMS shale 

rocks. The electrostatic component as observed in Figure 4.18b can be more closely studied by 

examining the zeta potential of the nanoparticles themselves, as a function of concentration (see 

Figure 4.19).  The isoelectric point of mica and quartz are between 2 and 3, which means that 

surfaces of these minerals will be positively charged if immersed in solutions of pH < 3 and 

negatively charged at pH > 3. Considering the pH and zeta potential of nanofluid solutions used, 

the latter will certainly apply: the zeta potential of HNP solutions ranges from – 23 mV to – 26 

mV with a pH range of 7.5 to 8.5, respectively. It is worthwhile to state that the high salinity of 

the nanoparticles’ dispersant, being 1 wt% NaCl, has a notable impact on the electrophoretic 

mobility involved in the zeta potential measurements. As shown in Figure 4.19a, the zeta potential 

increased to the negative with increase in pH and nanofluid concentration which means that silica 

nanoparticles will therefore promote electrostatic repulsion by coating the substrates and creating 

sufficient negative surface charges (due to the presence of silanol groups) to repel and dislodge 

similarly charged molecules such as carboxylic acids (COOH). In a more practical sense, it 

indicates that silica nanomaterials can improve recovery of shale rocks containing inorganic pores 

saturated with polar crude oil fractions such as carboxylate compounds. However, as these 

particles become exceedingly large in number (2 x 1015 particles per ml or 1 wt% HNP), they tend 

to be confined, ordering themselves in discrete layers and giving rise to a non- Derjaguin, Van der 

wey, Landeau and Overbeek (DLVO) force known as structural interactions (Figure 4.18c). In this 

confined state, the interparticle interactions may significantly increase at the expense of particle-

surface interactions which may lead to increase in adhesion force at very high concentrations as 

observed in certain results obtained: mica/CH3, mica/C6H5, and quartz/COOH systems. Yet, 

previous research suggested that structural interactions are not well understood (Israelachvili, 
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2009) as it was observed to favor the spreading of nanofluids in the context of EOR elsewhere 

(Wasan et al., 2011). Another possibility is the dependence of structural forces of nanoparticles on 

length scale. Interparticle interactions at the micron- scales and beyond may favor the formation 

of “wedges” at the interface between bulk oil droplets and rock surfaces which can promote 

wettability improvement and adhesion force reduction. However, at the nanoscale, the enhanced 

interactions of nanoparticles at very high concentrations coupled with the thickness of the particle 

layers approaching and exceeding that of the organic species may lead to a sudden increase in 

adhesion force. These may add to the complexity of structural interactions in the context of surface 

energies, which Wu and colleagues previously reported (Wu et al., 2017). 

 

Figure 4.19.  Zeta potential measurements of silicon dioxide nanoparticle dispersions: (a) Z-

potential of HNP solutions as a function of hydrophilic silica nanoparticle concentration (wt %) 

and pH; and (b) Z-potential of HNP and NNP solutions at selected concentrations and pH of 6. 

The impact of 3-aminopropyltriethoxysilane (APTES)-modified silica nanoparticles on 

enhancing oil recovery have been studied in the past and conflicting results have ensued, at micron-

to-core scales (Alvarez-Berrios et al., 2018; Ngouangna et al., 2020; Ogolo et al., 2012). In 

addition, the nanoscale effects remain to be seen. For instance, Alvarez and colleagues (Alvarez-

Berrios et al., 2018) showed that APTES-modified silica nanoparticles (dispersed in ethanol) 

reduced the contact angle on aged Berea sandstone core from 106° using brine (oil-wet state) to 

97°(intermediate-wet) whereas negatively charged silica NPs (also dispersed in ethanol) shifted 
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the contact angle from 106° to 69°, signifying wettability alteration from oil- to water-wet state. 

Ngouangna and co-authors (Ngouangna et al., 2020) compared the oil recovery performance of 

unmodified and APTES-modified NPs and observed insignificant changes in contact angle, 

modest IFT changes but significant improvements in core-scale oil recovery. In their work, they 

observed a change in the surface wettability of an oil-wet sandstone core through a decrease in 

contact angle from 135° using brine to 54.5° and 54.3° with bare and APTES-modified silica 

nanoparticle dispersions, respectively. Interfacial tension reduced from 17 mN/m to 5 mN/m and 

3 mN/m with bare silica nanoparticles and APTES-modified nanoparticles respectively. However, 

forced imbibition experiments showed that bare silica nanoparticle dispersions recovered 69.6% 

of oil in place compared to 62.9% obtained with waterflood, whereas APTES-modified silica 

nanodispersions yielded 75% recovery.  

In furtherance to these reported works, we investigated the nanoscopic effect of APTES 

coating of silica nanoparticles on adhesion of specific crude oil functional groups such as –CH3, -

C6H5 and –COOH - on surfaces of specific geological minerals such as quartz and clays (replicated 

using mica). Results showed that, in comparison with unmodified silica nanoparticles (HNP), 

dispersions of NH2-modified nanoparticles (NNP) at 0.1 wt% and pH of 6 increased adhesion force 

and energy by hundreds to thousands of percentages when mica was contacted with CH3, C6H5 

and COOH functional species. Regarding experiments on quartz, NNP increased adhesion force 

and energy compared to HNP for a quartz/CH3 system but decreased adhesion force and energy 

for quartz/C6H5 and quartz/COOH systems. The amine group from APTES becomes protonated at 

pH 6, giving rise to positive charges on nanosilica surface as evidenced by the z-potential 

measurements shown in Figure 4.19b. The z-potential of 0.1 wt% NNP measured 12.23 mV 

whereas z-potential of 0.1 wt% HNP and 0.5 wt% HNP measured -18.75 mV and -28.1 mV 
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respectively. As a result, there will be a compression of the electric double layer formed between 

negatively charged functional groups such as COO- and NNP-coated surfaces, which will 

significantly increase the adhesion force. This statement is bolstered by the result obtained with 

mica, but not quartz, which could be because the latter tends to be more hydrophobic than the 

former. The rationale behind the increase in adhesion of uncharged organic groups such as CH3 

and C6H5 can be explained in the context of nanoparticle aggregation (see Figure B. 1 in Appendix 

B) and structural forces. The presence of NH2 coating screens the charges between silica 

nanoparticles and promotes aggregation on clays, which in turn causes the multi-layer, self-

assembly of these particles. The self-assembly of the particles in confinement may give rise to 

structural interactions. 

A cross-examination of the hundreds of force curves obtained during mica/CH3/NNP and 

mica/C6H5/NNP experiments identified structural forces (as in Figure 4.18c) which was not 

observed in similar experiments conducted on quartz since it appears that these particles do not 

particularly aggregate on quartz, as seen in Figure B. 1. These may explain the contrasting results 

obtained with NNP solutions when quartz was contacted with functional groups.  

Results of force spectroscopy experiments indicated that hydrophilic silica nanoparticles adsorb 

irreversibly on mica and quartz surfaces, and the broad implication can be discussed in the context 

of previously conducted forced imbibition experiments. Similar to the AFM experiments we 

conducted, one way to test the impact of nanoparticle irreversible adsorption at the core scale is to 

conduct forced imbibition experiments in a sequential manner: inject brine (stage 1) > nanofluids 

(stage 2) > brine (stage 3). If the nanoparticles adsorb irreversibly in a manner that favors 

wettability alteration, the cumulative recovery factor obtained at stage 3 should be greater than 

stage 1 recovery factor. Hendraningrat and Torsaeter (Hendraningrat and Torsæter, 2015) 
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conducted their coreflood experiments in this manner on 4 initially water-wet (WW) cores, 1 

intermediate-wet (IW) core and oil-wet (OW) sandstone cores - all originally saturated with the 

same type of degassed oil. The average stage 1 recovery obtained from the WW cores was 54.3%, 

with cumulative average recovery of 59.8% and 68.7% obtained after stages 2 and 3 respectively. 

For the IW core, the stage 1 recovery obtained was 53%, with cumulative recovery of 55% and 

71% obtained after stages 2 and 3 respectively. Similarly, for the OW core, the stage 1 recovery 

obtained was 46%, with cumulative recovery of 48% and 73% obtained after stages 2 and 3 

respectively. The same group of researchers (Hendraningrat and Torsæter, 2014) performed 

another series of tests using identical rocks and fluids and reported similarly convincing results. 

Stage 1 average recovery factor recorded from 3 IW cores was 57%, with a cumulative 62% 

recovery after stage 2 and 66% recovery after stage 3. The recovery factor obtained from an OW 

core after stage 1 was 61%, with a cumulative 68% recovery after stage 2 and 72% recovery after 

stage 3. All the cores used in both reported studies contained predominantly quartz (93%) while 

the oil samples used contained 75.1% saturates, 22.6% aromatics, 1.9% resins and 0.4% asphaltene 

fractions. The permeability and porosity ranges are 100-400 mD and 15-17% respectively. These 

reports provide a concrete basis to suggest that the adhesion force changes observed in our study 

at the nanoscale translate to a decrease in residual oil saturation and incremental oil recovery at 

the core-scale, in the context of silica nanoparticle treatments.  

Overall, results from this work provide fundamental basis for the field-scale recovery 

increments in shale oil reservoirs recently reported (Syfan et al., 2018), in addition to other lab-

scale observations (Agi et al., 2018; Hendraningrat et al., 2013a). This study demonstrated an 

optimistic potential of nanofluids to recover additional oil from TMS which has potentially 7 

billion barrels of recoverable oil (John et al., 1997). Based on the convincing scientific evidence 
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coupled with practical engineering implications and discussions presented herein, conceptual 

models of effects of silicon dioxide nanoparticles on adhesion of chemical functional species in 

crude oil to quartz and clay surfaces was designed, as presented in Figure 4.20 and Figure 4.21. 

 

Figure 4.20 Conceptual model of the effect of hydrophilic silicon dioxide nanoparticles on 

adhesion of chemical functional species to quartz and model clay surfaces 

 

 

Figure 4.21. Conceptual model of the effect of hydrophilic silicon dioxide nanoparticles with 

aminosilanes functionalization on adhesion of chemical functional species to model clay surfaces 
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In the context of Young dupre equation (Rao, 2003; Young, 1805), adhesion force is a function 

of surface wettability effects in terms of contact angle and fluid/fluid interfacial effects in terms of 

interfacial tension. This AFM study places emphasis on adhesion force changes leading to 

modification of surface wettability because the adhesion force is only measured after the 

functionalized tip contacts the mineral substrate in nanofluid media. However, how the 

nanoparticles behave at liquid/liquid interfaces compared to solid/liquid interfaces remains to be 

found. In the next section, results of contact angle and interfacial tension measurements obtained 

at the micron-scale are presented and discussed.   

4.2. Micron-Scale Characterization of Nanofluid Enhanced Oil Recovery 

4.2.1. Effect of Hydrophilic Silica-based Nanofluids (HNP) on Interfacial Tension 

The experimental results showed that hydrophilic silicon dioxide nanoparticles modestly influence 

IFT in pure oil systems as well as crude oil from the TMS formation, as displayed in Figure 4.22. 

As shown, undecane recorded the highest IFT while TMS recorded the least, consistent with all 

aqueous phases. The interfacial tension for decane (-CH3)/AFB and decane/NaCl measured 33.9 

mN/m and 40.61 mN/m, whereas switching to HNP 0.05 wt% decreased IFT to 37.24 mN/m. 

However, the decane/0.05 wt% HNP IFT is 10% higher than decane/AFB IFT. A subsequent 

increase in nanofluid concentration followed a slight decrease in IFT: the lowest IFT of 32.43 

mN/m was obtained with 1 wt% HNP, which is only a 4% decrease from decane/AFB IFT.  
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Figure 4.22. Interfacial tension measurements across oil/aqueous phases at room conditions. 

Next, ethylbenzene (-C6H5)/AFB and ethylbenzene (-C6H5)/NaCl IFT measured 18.08 

mN/m and 17.37 mN/m compared with ethylbenzene/0.05 wt% HNP IFT which measured 22.75 

mN/m – 25% higher than ethylbenzene/AFB IFT. A successive increase in nanofluid concentration 

led to reduction of IFT but not sufficiently low enough to be less than the IFT measured in brine – 

either AFB or 1 wt% NaCl. The IFT obtained for ethylbenzene/1 wt% HNP was 19 mN/m, which 

is still 5% higher than ethylbenzene/AFB IFT. The addition of undecanoic acid to ethylbenzene to 

simulate a mixture containing –COOH group in addition to –C6H5 led to a generally lower 

interfacial tension for all the aqueous solutions tested and the effect of hydrophilic silica 

nanoparticles on IFT is more significant than with undecane (-CH3) and ethylbenzene (-C6H5). For 

convenience, the mixture of ethylbenzene and undecanoic acid is denoted as C6H5 + COOH.  As 

shown in Figure 4.22, C6H5 + COOH/AFB and C6H5 + COOH/NaCl IFT measured 16.6 mN/m 

and 14.61 mN/m respectively, whereas switching to 0.05 wt% HNP decreased IFT to 14.4 mN/m. 

As expected, a subsequent increase in nanofluid concentration followed a noticeable decrease in 

IFT: C6H5 + COOH/1 wt% HNP IFT measured 8.83 mN/m, signifying close to a 50% reduction 

in IFT compared to C6H5 + COOH/AFB system. 
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The IFT values and trends obtained with TMS crude oil are similar to those obtained with the 

C6H5 + COOH mixture. As shown in Figure 4.22, TMS/AFB and TMS/NaCl IFT measured 13.6 

mN/m and 17.68 mN/m respectively, whereas switching to 0.05 wt% HNP decreased IFT to 10.38 

mN/m – representing more than a 20% decrease in IFT compared to TMS/AFB system. As 

expected, a subsequent increase in nanofluid concentration led to a corresponding decrease in IFT: 

AFB/1 wt% HNP IFT measured 8.88 mN/m, signifying close to a 35% reduction in IFT compared 

to TMS/AFB system. Note that the lowest IFT of 8.06 mN/m was obtained with 0.5 wt% HNP, 

compared to 1 wt% HNP which increased IFT to 8.88 mN/m. In summary, these findings reveal 

the effect of hydrophilic silica nanoparticles at liquid/liquid interfaces carrying specific functional 

groups such as –CH3, -C6H5 and COOH and TMS crude oil which is a complex mixture of organic 

compounds.  

4.2.2. Effect of Aminosilanes-Treated Silica-based Nanofluids (NNP) on Interfacial 

Tension 

The grafting of aminosilanes onto silica nanoparticles is known to enhance adsorption of particles 

at liquid/liquid interfaces and consequently impact interfacial tension (Ngouangna et al., 2020; 

Ogolo et al., 2012). The oil/water interface typically has a negative charge due to hydroxyl ion 

adsorption, and the introduction of positively charged functionalized particles will tend to 

neutralize the interface charge, leading to a significant reduction in IFT. This was confirmed in 

this study, as shown in Figure 4.23. At a pH of 6, undecane/NNP (at 0.1 wt%) measured IFT of 

7.2 mN/m compared to undecane/HNP which measured 17. 28 mN/m and 17.34 mN/m at 0.1 wt% 

and 0.5 wt% respectively. In other words, at the same pH of 6 and 0.1 wt% concentration, the 

grafting of aminosilanes onto the surfaces of silica nanoparticles reduced IFT by nearly 60% when 

these nanoparticles interact with undecane (-CH3) solution.   
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Figure 4.23. Interfacial tension of oil/aqueous phases at room conditions. All nanofluid solutions 

have a pH of 6.  

Similarly, ethylbenzene/0.1 wt% NNP IFT measured 6.7 mN/m compared to 

ethylbenzene/HNP which measured 10.68 mN/m and 12.55 mN/m at 0.1 wt% and 0.5 wt% 

respectively. This means that, at the same pH of 6 and 0.1 wt% concentration, the grafting of 

aminosilanes onto the surfaces of silica nanoparticles reduced IFT by nearly 40% when these 

nanoparticles interact with ethylbenzene (-C6H5) solution.   

For a mixture of ethylbenzene and undecanoic acid (C6H5 + COOH), IFT values were 

generally lower just as it was observed when brine solutions such as AFB and 1 wt% NaCl and 

selected concentrations (0.05 wt% - 1 wt%) of HNP were tested (see Figure 4.23). The IFT 

measured in 0.1 wt% NNP was 1.5 mN/m, which was lower than those obtained with 0.1 wt% 

HNP (5.2 mN/m) and 0.5 wt% HNP (4.5 mN/m). In other words, at the same pH of 6 and 0.1 wt% 

concentration, the grafting of aminosilanes onto the surfaces of silica nanoparticles reduced IFT 

by more than 70% when these nanoparticles interact with a solution carrying COOH and C6H5 

functional groups.    
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The most notable effect was observed with TMS crude oil: IFT measured in 0.1 wt% HNP 

and 0.5 wt% HNP were 21.05 mN/m and 18.85 mN/m, whereas functionalized nanoparticles NNP 

at 0.1 wt% concentration yielded an IFT of 1 mN/m. In other words, at the same pH of 6 and 0.1 

wt% concentration, the grafting of aminosilanes onto the surfaces of silica nanoparticles reduced 

IFT by more than 95% when these nanoparticles interact with actual TMS crude oil - a complex 

mixture of organic compounds - posing significant implications for enhancing oil recovery. 

Overall, this study systematically demonstrates the effect of silica nanoparticle 

functionalization with 3-aminopropyltriethoxysilane (APTES) on interfacial tension effects with 

pure hydrocarbon compounds carrying certain functional groups such as –CH3, -C6H5 and COOH, 

and crude oil from TSM reservoir containing hundreds to thousands of chemical species. Further, 

all interfacial tension measurements obtained with TMS crude oil serve as key input variables for 

the modeling of capillary pressure and relative permeability curves used in compositional core-

scale simulation of nanofluid-assisted CO2 EOR. 

4.2.3. Effects of Silica-based Nanofluids (HNP & NNP) on Contact Angle 

In addition to evaluating fluid/fluid interactions, the enhanced recovery potential of silica 

nanoparticle dispersions can be investigated in the context of rock/fluid interactions using the well-

established DDDC technique for measuring advancing contact angle. Contact angle results 

obtained using TMS oil, rocks and aqueous solutions such as brine AFB, HNP and NNP 

dispersions are presented in Table 4.2 and the associated three-phase contact line graphs are 

presented in Figure 4.24, Figure 4.25 and Figure 4.26. As shown in Figure 4.24 and Table 4.2, the 

advancing and reducing contact angle measured on TMS rock surface in contact with a droplet of 

TMS oil in the presence of AFB brine were 45° and 40° respectively, signifying a water-wet 

system. The advantage of monitoring the TPCL movement to capture the true representative 
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advancing contact angle is illustrated in Figure 4.24: it was not until the normalized TPCL 

movement ratio changed that the advancing contact angle of 45° was obtained, after 240 mins of 

contact time and over 24 hrs aging time.  

 

Figure 4.24. The monitoring of TPCL movement to obtain DDDC advancing contact angle on 

TMS rock in contact with TMS oil droplet in AFB solution at ambient conditions 

In 1 wt% NaCl solution, the advancing and reducing contact angle measured were 55° and 

45° respectively (see Figure 4.25 and Table 4.2), signifying a less water-wet system which agrees 

with nanoscale adhesion force measurements whereby adhesion forces measured between 

functionalized tips and mica in AFB were significantly less than those measured in NaCl solution. 

The benefit of monitoring the TPCL movement to capture the true representative advancing 

contact angle is also illustrated in Figure 4.25: it was not until the normalized TPCL movement 

ratio changed from 1.74 to 1.725 that the advancing contact angle of 55° was obtained, after 240 

mins of contact time and over 24 hrs aging time. 
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Figure 4.25. The monitoring of TPCL movement to obtain DDDC advancing contact angle on 

TMS rock in contact with TMS oil droplet in 1 wt% NaCl solution at ambient conditions 

However, a drastic reduction in contact angle was observed in the presence of hydrophilic 

silica nanoparticle dispersions. At all concentrations tested, the TMS oil droplet failed to stick to 

the rock surface, which means both the advancing and receding contact angles can be safely 

assumed to be zero (see Table 4.2), indicating wettability change from water-wet to perfectly 

water-wet. Even though two separate contact angle tests were conducted on TMS rock in contact 

with crude oil when surrounded by AFB, 1 wt% NaCl and NNP fluids for reproducibility, five oil 

droplets were released from the needle in each HNP solution to adequately confirm the non-

adhesion to the rock surface. The red arrow in the image column points to one of the oil droplets 

which on multiple occasions failed to adhere to the TMS rock surfaces in hydrophilic silica-based 

nanofluid media. The non-sticking of the oil droplets was also observed in 0.1 wt% and 0.5 wt% 

HNP at a pH of 6.  

However, the grafting of aminosilanes enhanced the adhesion of TMS oil droplet on the 

rock surface to a noticeable degree and modified the surface wettability from perfectly water-wet 
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to strongly water-wet state. In the presence of NNP, a 20° advancing contact angle and a 5° 

receding contact angle were achieved, as seen in Figure 4.26 and Table 4.2. Figure 4.26 shows 

that, even though the advancing contact angle appeared to stabilize at 15° between 0 and 60 mins 

contact time, the true measurement of 20° was only captured after the TCPL movement was 

observed at a contact time of 150 mins.  

 

Figure 4.26. The monitoring of TPCL movement to obtain DDDC advancing contact angle on 

TMS rock in contact with TMS oil droplet in 0.1 wt% HNP at a pH of 6 and at ambient 

conditions 

Resultantly, the adhesion force from Young-Dupre equation (equation 2.7) was determined 

for AFB, 1 wt% NaCl, HNP and NNP solutions. The proportionality constant was assumed to be 

1 and the radius of the needle used is 0.94 mm. As seen in Table 4.2, the adhesion force in TMS 

rock/oil/AFB and TMS rock/oil/NaCl were calculated to be 0.732 μN and 2.222 μN respectively. 

The non-sticking of oil droplets on the rock surfaces in HNP also resulted in a zero-adhesion force, 

and the subsequent treatment of HNP with aminosilanes mildly increased adhesion force to 0.053 

μN at a pH of 6. In general, the DDDC studies helped reveal the original wettability state of TMS 
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and subsequent changes by virtue of hydrophilic and surface-modified silica nanoparticle 

treatments. These measurements coupled with IFT data also serve as important variables used to 

predict capillary pressure and relative permeability curves for TMS HRZ.  

Table 4.2 Results of DDDC contact angle measured on TMS rock surfaces contacted with crude 

oil in the presence of brine and nanofluid media. Multiple tests were conducted for 

reproducibility. 

 

4.2.4. Discussions 

The purpose of this study was to differentiate the effect of silica nanoparticles on liquid/liquid 

interfacial activity from rock/fluid interactions and correlate observations with nanoscale findings 

(discussed in section 4.1.5). To do so systematically, single-component hydrocarbons – namely 

undecane and ethylbenzene – and a mixture of ethylbenzene and undecanoic acid were selected 
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for IFT tests. These organic compounds were selected because they are chemically similar to the 

thiols used for nanoscale studies, carrying the same functional groups (see Figure 3.7). In 

preserving this resemblance, one can relate the adhesion force variation observed at the nanoscale 

to the interfacial tension characterized at the micron-scale herein to further understand the oil 

release mechanisms of silica nanoparticles. In addition, IFT and contact angle measurements were 

made using actual TMS rock and oil in the presence of brine and silica nanofluid media. These 

properties serve as key variables to examine the core-scale potential of nanofluid-enhanced CO2 

EOR in the context of capillary pressure and relative permeability modelling. In this section, the 

scientific significance and practical engineering implications of these findings are discussed. 

Results showed that hydrophilic nanosilica dispersions had a negligible effect of interfacial 

tension with pure hydrocarbon systems such as undecane (-CH3) and ethylbenzene (-C6H5). The 

finding on undecane/HNP is in tandem with a study conducted by Jiang and colleagues (Jiang et 

al., 2017) to examine the impact of silica nanoparticles on reducing decane/nanofluid interfacial 

tension. In their study, different sizes (10-150 nm) and concentrations (0.01 wt% - 0.05 wt%) of 

silica nanoparticles were tested - none of which changed the decane/water IFT by up to 1 mN/m. 

Further, that the addition of undecanoic acid to ethylbenzene generally lowered interfacial tension 

for all the aqueous solutions tested is in close agreement with another study in which the addition 

of organic acids such as cyclohexane carboxylic acid and cyclohexane pentanoic acid to n-decane 

significantly lowered IFT (compared to water) by 20 mN/m (Sayed et al., 2019). Another research 

group (Guo and Errington, 2019) employed Monte Carlo simulations to investigate the effects of 

acetic acid on water-octane system and they showed that, in terms of number of molecules 

adsorbed, acetic acid had strong affinity towards the octane-water interface leading to a reduction 

of octane/water IFT.  
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The effect of surface-active carboxylates may also explain why IFT measurements using 

TMS crude oil were significantly lower than those obtained with the pure compounds, since it 

contains surface-active components such as asphaltenes and resins. Carboxylic acid is majorly 

found in asphaltenes and resins. In terms of IFT reduction, an optimal concentration of hydrophilic 

silica nanoparticles was found to be 0.5 wt%: the lowest IFT of 8.06 mN/m was obtained with 0.5 

wt% HNP, compared to 1 wt% HNP which increased IFT to 8.88 mN/m. The contrasting behavior 

observed between 0.5 wt% HNP and 1 wt% HNP may be due to the emergence of structural 

interactions which was partly responsible for increasing adhesion force between 0.5 wt% to 1 wt% 

HNP at the nanoscale. Yet, how large the IFT reduction effect of hydrophilic silica nanoparticles 

is on capillary pressure, relative permeability, capillary number and residual oil saturation remains 

to be seen.  

The grafting of aminosilanes onto the surface of silica nanoparticles had an evident impact 

on interfacial tension. As evidenced by the z-potential measurements shown in Figure 4.19b, the 

amine group from APTES becomes protonated at pH 6, giving rise to positive charges on 

nanosilica surface. The oil/water interface typically has a negative charge due to hydroxyl ion 

adsorption, and the introduction of positively charged functionalized particles will tend to 

neutralize the interface charge, leading to a significant reduction in IFT. Of more practical 

importance is the attainment of a 1 mN/m interfacial tension between TMS crude oil and 0.1 wt% 

NNP at a pH of 6. This implies that APTES-functionalized silica nanoparticles can sufficiently 

disrupt oil/water interface to reduce oil/water capillary pressure, increase oil relative permeability 

and accelerate oil production in TMS producing zones such as the HRZ. 

The DDDC contact angle measurements helped reveal the true wetting state of TMS HRZ 

under focus in this study and the wettability modification effects of silica nanoparticles at the 
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micron scale. Following the movement of the TPCL, the TMS rock/oil/brine (AFB) advancing 

contact angle measured 45°, indicating that TMS HRZ is water wet. Results also showed that 

hydrophilic silica nanoparticles steered from a water-wet state to a perfectly water-wet state; no 

oil droplet adhered to the rock surface in the presence of hydrophilic silica nanofluids. However, 

switching to silica nanoparticles functionalized with aminosilanes caused a modest sticking effect 

of the TMS oil droplet to the rock surface, resulting in a contact angle of 20°.The Young-dupre 

equation was used to calculate corresponding adhesion forces of 0.8 μN, 0 μN and 0.1 μN with 

AFB, HNP and NNP solutions respectively. Because the TMS rock comprises of 44% clay and 

43% quartz, it can be said that these results agree with nanoscale force spectroscopy studies 

performed on mica (clay substitute) and quartz contacted with –CH3, -C6H5 and –COOH groups 

which are the dominant functional groups found in TMS crude oil. Recall that, from the AFM 

study (Section 4.1), adhesion force of non-polar and polar functional groups to pure minerals 

significantly decreased in the order of pN when switching from AFB to HNP, whereas NNP led to 

a higher adhesion force due to the role of surface charge and hydrophobicity.   

Discussions on the role of surface and intermolecular forces presented in the context of 

nanoscale evidences (section 4.1.5) also hold true herein. While the IEP of TMS is unknown, one 

can assume a similarity with mica and quartz since both minerals constitute > 80% of the rock. As 

such, TMS rocks become more negatively charged as hydrophilic silica nanoparticles adsorb on 

the surface, which helps to significantly lower advancing water contact angle and decrease 

adhesion force. Besides electrostatic interactions, the surface free energies of the nanoparticles 

also create a chemical potential gradient at the rock/fluid interface that favors wettability alteration 

towards a more water-wet state. However, from this study, it appears that 0.05 wt% HNP (or 1 x 

1014 particles per ml) was sufficient to reduce both contact angle and adhesion force to zero and 
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correspondingly yield a perfectly water-wet system. In a similar sense, TMS immersed in NNP 

solution with +12 mV at a pH of 6 will be positively charged, which will compress electric double 

layer, increase the advancing contact angle and increase adhesion force.  

The impact of 3-aminopropyltriethoxysilane (APTES)-modified silica nanoparticles on 

enhancing oil recovery have been studied in the past and conflicting results have ensued, at micron-

to-core scales (Alvarez-Berrios et al., 2018; Ngouangna et al., 2020; Ogolo et al., 2012). For 

instance, Alvarez and colleagues (Alvarez-Berrios et al., 2018) showed that APTES-modified 

silica nanoparticles (dispersed in ethanol) reduced the contact angle on aged Berea sandstone core 

from 106° using brine (oil-wet state) to 97°(intermediate-wet) whereas negatively charged silica 

NPs (also dispersed in ethanol) shifted the contact angle from 106° to 69°, signifying wettability 

alteration from oil- to water-wet state. Ngouangna and co-authors (Ngouangna et al., 2020) 

compared the oil recovery performance of unmodified and APTES-modified NPs and observed 

insignificant changes in contact angle, modest IFT changes but significant improvements in core-

scale oil recovery. In their work, they observed a change in the surface wettability of an oil-wet 

sandstone core through a decrease in contact angle from 135° using brine to 54.5° and 54.3° with 

bare and APTES-modified silica nanoparticle dispersions, respectively. Interfacial tension reduced 

from 17 mN/m to 5 mN/m and 3 mN/m with bare silica nanoparticles and APTES-modified 

nanoparticles, respectively. However, forced imbibition experiments showed that bare silica 

nanoparticle dispersions recovered 69.6% of oil in place compared to 62.9% obtained with 

waterflood, whereas APTES-modified silica nanodispersions yielded 75% recovery. 

In a similar wettability characterization study on Berea sandstone cores and a crude oil 

sample obtained Texas, some authors found that hydrophilic silica nanoparticles dispersed in 0.3 

wt% NaCl increased aged Berea surface wettability towards water-wet whereas silica 
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nanoparticles treated with APTES rendered the surface less water wet (Alvarez et al., 2018). In 

their study, the contact angle in water phase for an aged Berea/water/air system without 

nanoparticles was 106.32°, whereas hydrophilic silica NPs decreased contact angle to 68.84° and 

APTES-treated nanoparticles increased the contact angle to 96.88°.  

Largely, this study has shown that hydrophilic silica nanoparticles can improve recovery 

in TMS through wettability modification whereas amino-treated silica nanoparticles can improve 

recovery through IFT reduction. Based on the convincing fundamental evidence coupled with 

broad engineering implications presented in this section, conceptual mechanistic models of effects 

of silicon dioxide nanoparticles on IFT in pure and complex hydrocarbon compounds and 

advancing contact angle measured on TMS rocks in contact with TMS oil droplets are presented 

in Figure 4.27 and Figure 4.28.   

As shown in Figure 4.27, dispersions of hydrophilic silica nanoparticles have minimal 

impact on oil/brine interfacial tension whereas the functionalization of the nanoparticles with 

APTES may lead to a significant decrease in IFT. In terms of advancing contact angle (see Figure 

4.28), the coating of TMS rock with hydrophilic nanoparticles can effectively reduce advancing 

contact angle and create a more water-wet state, whereas APTES-modified nanoparticles steer the 

surface towards less water-wet.   
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Figure 4.27. Conceptual model of the effect of hydrophilic and APTES-modified silicon dioxide 

nanoparticles on interfacial tension measured across the interface between nanofluids and 

hydrocarbon compounds with –CH3, -C6H5, –COOH functional groups as well as TMS crude oil  

 

 

Figure 4.28. Conceptual model of the effect of hydrophilic and APTES-modified silicon dioxide 

nanoparticles on advancing contact angle measured on TMS rock surfaces contacted with TMS 

crude oil droplets in nanofluid media 
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In addition to cost and environmental impact, the benefits of the APTES modification may boil 

down to the impact of IFT decrease (compared to contact angle changes) on residual oil saturation, 

relative permeability and capillary pressure. The next section discusses how the latter two 

multiphase flow parameters can be deduced from IFT and contact angle measurements to explore 

the core-scale potential of nano-assisted CO2 EOR. The core-scale characterization aspect also 

employs reservoir rock and fluid characterization to investigate the microscopic sweep efficiency 

obtainable with CO2 and nanofluid injection in matrix-dominated and fractured-dominated regions 

in TMS HRZ.  

4.3. Core-Scale Characterization of Nanofluid-Assisted CO2 Enhanced Oil Recovery 

4.3.1. High-pressure CO2 coreflood EOR in low-permeability TMS core 

Assuming they contain significant volumes of hydrocarbons in place, the low-permeability regions 

in TMS HRZ (0.1 mD or less) are amenable to CO2 EOR, due to favorable gas injectivity, oil 

viscosity reduction and the ability of CO2 to alter the phase behavior of the in-situ oil. This is 

confirmed from results of high-pressure CO2 injection EOR in the low-permeability core shown 

in Figure 4.29. The original dry weight of the core was 64.6483 g. After flooding the core with 

TMS oil, the measured weight was 64.7850 g. The final weight measured after CO2 injection was 

64.7400 g. Inputting these values in equation 3.1 led to a recovery factor of 32.92%. 
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Figure 4.29. Weight measurements of low-permeability TMS core at different stages of the CO2 

EOR process: (a) original state of TMS core, (b) TMS core flooded with oil (before CO2 

injection) and (c) TMS core after CO2 EOR 

 

Images of the core were taken before and after CO2 injection, for the purpose of visual 

inspection (see Figure 4.30). The subjection of the TMS core to confining pressure during oil 

flooding coupled with the fissility of the TMS shale may have caused the core to split along its 

bedding planes, as seen in Figure 4.30a&b.  

 

Figure 4.30. Snapshot images of the inlet face of the core before and after CO2 injection. The 

splitting of the rock along bedding planes is visible in the areas circled by the ellipse with dash 

white lines 
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Figure 4.30a indicates the possible expulsion (to a certain degree) of oil through an opening 

before CO2 injection.  However, it appears that CO2 injection led to the formation of more splits, 

as seen in Figure 4.30b, and no expulsion of oil either from the inlet or outlet face of the core was 

visually observed.   

4.3.2. Reservoir Fluid Characterization  

The pressure-temperature diagram for TMS oil based on reservoir fluid characterization done 

using CMG WinProp is shown in Figure 4.31. Likewise, regression models of PVT properties such 

as gas-oil ratio, oil formation volume factor, oil viscosity, z factor, gas formation volume factor 

and gas viscosity with good fit to experimental data are presented in Figure 4.32. The figure only 

shows some of the PVT properties, for brevity; other properties such as specific gravity and density 

were also modelled and matched with experimental data.  

These PVT analyses reveal that TMS is a black oil reservoir, with an initial reservoir 

pressure and temperature of 7497 psia and 260°F respectively, and saturation pressure of 1417 

psia. The cricondenbar and cricondentherm are 1875 psia and 885°F respectively.  
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Figure 4.31. Pressure-Temperature diagram obtained through reservoir fluid characterization of 

TMS in CMG WinProp 

 

 

Figure 4.32. Regression models of significant PVT parameters compared with experimental data 

based on TMS reservoir fluid characterization performed using CMG WinProp  
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4.3.3. Capillary Pressure and Relative Permeability Curves for Tight and Fractured Zones 

in TMS HRZ 

Next, the path to obtaining relative permeability and capillary pressure from coupling the Leverett 

J Function and Purcell model can be diagrammatically described using Figure 4.33. In accordance 

with the workflow presented in section 3.3.4.3 (see Figure 3.20), the J function was obtained for 

the 4 samples (S20-S23) retrieved from the HRZ in TMS based on Lohr and Hackley’s (2018) 

study, and a fit was derived (green line overlaying the S23 scatter plot in Figure 4.33a). The 

oil/AFB capillary pressure for tight and fractured zones are shown in Figure 4.33b, while Figure 

4.33c&d are the 1/Pc2
 function and Kr graphs respectively.  

As shown in Figure 4.33d, the Krw model for high (dash blue line) and low (solid blue line) 

permeability regions is in excellent agreement with log-based water relative permeability data 

(blue scatter plot), confirming the existence of a water-wet state and a dual-permeability rock 

system. As revealed, the models reasonably predict the rock permeability to water both within the 

tight pores and through the interconnected fractures. Notice that all four graphs in Figure 4.33 have 

a starting residual water saturation point of 0.1 which was the value for the residual pseudo-wetting 

phase saturation obtained for the mercury injection porosimetry experiments (Lohr and Hackley, 

2018). The well logging data obtained from TMS was analyzed and it was discovered that the 

average irreducible water saturation across TMS HRZ is also 0.1. 
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Figure 4.33. Results obtained: (a) J function for TMS HRZ samples; (b) oil/AFB capillary 

pressure; (c) 1/Pc
2

 function for oil/AFB; and (d) relative permeability curves for oil and AFB 

phases 

Next, the oil/gas capillary pressure curves and relative permeability curves were derived 

for the low- permeability and high-permeability regions in TMS HRZ, as shown in Figure 4.34 

and Figure 4.35 respectively. Note that these curves were derived based on CO2/brine contact angle 

and IFT measurements (Lohr and Hackley, 2018) which makes them applicable to compositional 

simulation of CO2 EOR in TMS. Figure 4.34 illustrates the effect of permeability on oil/gas 

capillary pressure: the capillary pressure in the high-permeability region is in the range of 0-3 psia 

over the entire oil saturation, whereas it becomes slightly higher in the low-permeability zone, in 

the range of 0-14 psia within the same oil saturation range. It is also noticed that the oil/gas 

capillary pressure both for the low- and high-permeability zones are significantly lower than the 

oil/water capillary pressures (shown in Figure 4.33b) due to the higher degree of interactions -such 
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as compositional variations and mass transfer - between oil and gas phases compared to oil and 

water phases.  

 

Figure 4.34. Gas/oil capillary pressure curves for low- permeability and high-permeability 

regions in TMS HRZ 

 

Correspondingly, the oil/gas relative permeability curves for the low-permeability region 

differs slightly from those of the fractured region, as shown in Figure 4.35. Within the range of oil 

saturation, the rock relative permeability to oil in the low-permeability region is slightly slower 

than that in the high-permeability region due to effect of pore confinement. This will make the gas 

relative permeability in the low-permeability region also slightly higher than in the low-

permeability region, as shown in Figure 4.35. It is worthwhile to note that, even at significant level 

of oil saturation, say 0.3, the oil relative permeability remains low and close to zero while the gas 

relative permeability remains high and close to 1 within the TMS HRZ.  
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Figure 4.35. Gas/oil relative permeability curves for low- permeability and high-permeability 

regions in TMS HRZ 

The oil/water capillary pressure curves for AFB brine and dispersions of hydrophilic and 

APTES-functionalized silica nanoparticles in the high-permeability regions of TMS HRZ are 

presented in Figure 4.36. Note that 0.5 wt% HNP was identified as optimal hydrophilic silica-

based nanofluid concentration based on nano-to-micron scale studies and it is the basis for which 

the capillary pressure curves and relative permeability curves are displayed. Similarly, capillary 

pressure and relative permeability curves for 0.1 wt% HNP at pH of 6 and 0.1 wt% NNP at pH of 

6 are presented to reveal effects of APTES modification. As shown, 0.5 wt% HNP decreased the 

oil/water capillary pressure compared to AFB due to significant changes in advancing contact 

angle (45° to 0°) and also a modest reduction in IFT (13.6 mN/m to 8.06 mN/m), as reported in the 

previous section. With 0.1 wt% NNP at a pH of 6, the oil/water capillary pressure decreased even 

further due to significantly lower IFT of 1 mN/m compared to 0.5 wt% HNP and AFB. The highest 

oil/water capillary pressure across the entire range of water saturation was obtained with 0.1 wt% 

HNP at a pH of 6, due to its high IFT of 21.05 mN/m compared to other fluids mentioned.  
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Figure 4.36. Oil/water capillary pressure curves for brine (AFB), hydrophilic silica-based 

nanofluids (HNP) and APTES silica-based nanofluids (NNP) in TMS HRZ high permeability 

regions. 

Consequently, both 0.5 wt% HNP and 0.1 wt% NNP at pH of 6 increased oil relative 

permeability and decreased water relative permeability compared to AFB, as seen in Figure 4.37. 

Dispersions of APTES-modified silica nanoparticles (0.1 wt% NNP at pH of 6) increased oil 

relative permeability and reduced water relative permeability the most, also due to significant 

reduction in IFT. Over the range of water saturation, the second highest and lowest set of oil and 

water relative permeability values respectively were obtained with 0.5 wt% HNP due to its impact 

on wettability from contact angle measurements.  It appears that AFB and 0.1 wt% HNP at pH of 

6 have nearly the same oil/water relative permeability curves across the entire range of water 

saturation, mainly due to high IFT measured in both media.  
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Figure 4.37. Oil/water relative permeability curves for brine (AFB), hydrophilic silica-based 

nanofluids (HNP) and APTES silica-based nanofluids (NNP) in TMS HRZ high permeability 

regions 

 

4.3.4. Core-scale EOR Simulation Results 

Following the completion of the models, CO2 EOR and nanofluid-assisted CO2 EOR processes 

were simulated. A tight rock model was used for CO2 EOR while the fractured model was used for  

CO2 EOR augmented with nanofluid injection. Simulation results show that injecting CO2 into a 

low-permeability TMS rock system (0.07 mD) can recover at least 30% of oil-in-place, as seen in 

Figure 4.38, and the recovery profile shows that it took about 0.99 day to obtain the maximum 

recovery of 30.92 %. This result is in excellent agreement with the recovery factor of 32.92% 

obtained from coreflood experiment, and also indicates that the oil/gas capillary pressure and 

relative permeability curves modeled – among other input parameters - can reliably be used for 

CO2 EOR simulation with a high confidence level. 
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Figure 4.38. Recovery profile for CO2 injection EOR in the low-permeability TMS core 

 A closer look at the oil displacement mechanism of the immiscible CO2 injection in the low-

permeability TMS model was taken by examining the change in mole fraction of the hydrocarbon 

components in the oil phase (see Figure 4.39). As shown, at immiscible conditions, CO2 injection 

can enhance oil recovery by vaporizing the lighter hydrocarbons, namely C1-C4, in addition to N2 

and CO2 which are present in the oil phase. The notable decrease in mole fraction of these oil 

components gave rise to a corresponding increase in mole fraction of the intermediate to heavy 

components, namely C5 to C30  - and beyond – as shown in Figure 4.39.  
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Figure 4.39. A plot of mole fraction of hydrocarbon components in the oil phase during CO2 

injection shows the effect of immiscible CO2 EOR on the vaporization of light hydrocarbon 

components.  

A sensitivity analysis study shows that the injection pressure has a significant effect on oil 

recovery obtainable via CO2 injection due to the effect of miscibility , as seen in Figure 4.40. 

Increasing the injection pressure from 1000 psi to 2000 psi significantly increased recovery 

efficiency, from 31% to 100% as CO2 became miscible with the oil, eliminating oil/gas interfacial 

tension and capillary pressure.  
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Figure 4.40. Sensitivity study on injection pressure shows that increasing CO2 injection pressure 

from 1000 psi to 2000 psi can improve recovery factor from 31% to 100% due to miscibility 

attainment  

The development of miscibility at 2000 psi in terms of the interactions of CO2 with the 

hydrocarbon components can also be studied by examining the mole fraction profiles of the 

components along the entire length of the TMS core, from point of injection to production (see 

Figure 4.41 and Figure 4.42). As shown in Figure 4.41, the profile of CO2 mole fraction in the oil 

phase before start of CO2 injection was at equilibrum conditions; however, a sudden increase in 

mole fraction of CO2 in oil – especially near the injector - was observed after 30 s of CO2 injection. 

The profile appears to relax after 1 min of CO2 injection was observed, which because some of the 

oil components also goes into the CO2 phase as miscibility is being developed. As shown, nearly 

all of the CO2  in the oil phase were completely expelled into injected CO2 gas to attain complete 

miscibility after 1 min 30 s of CO2 injection.  Correspondingly, a significant change in the mole 

fraction profile for the hydrocarbon components was noticed, as shown in Figure 4.42. A sharp 

decrease in mole fractions of the light and intermediate hydrocarbon components in the oil phase, 



151 

 

namely C1 to C4, and iC5 to C12 respectively, especially near the injector, was observed after 30 s 

of CO2  injection. This led to a corresponding increase in the mole fractions of the heavy ends, 

such as C13-C19 and C20-C30. After 1 min of CO2 injection, more light and intermediate components 

were vaporized into the injected CO2 and produced, leaving behind the heavier hydrocarbons. 

Over, at complete miscibility, all of the components were produced, as CO2 eliminated oil/gas 

interfacial tension and capillary pressure. However, it is recommended to perform minimum 

miscibility pressure experiments using the Vanishing Interfacial Tension (VIT) technique reduce 

the uncertainty associated with this study and support the simulation results on CO2 injection at 

immiscible and miscible conditions presented herein. Nonetheless, these findings clearly show the 

potential of CO2 injection in low-permeability TMS and some underlying drive mechanisms for 

oil displacement.  

 

Figure 4.41. The mole fraction profile of CO2 in the oil phase along the length of the low-

permeability TMS core during CO2 injection at 2000 psi.  
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Figure 4.42. The mole fraction profile of the hydrocarbon components in the oil phase along the 

length of the low-permeability TMS core during CO2 injection at 2000 psi 

In the high-permeability core, recovery profiles obtained with CO2 EOR and nanofluid-

assisted CO2 EOR were compared with primary production “do nothing” scenario as in the case 

of a hydraulic fractured well. As shown in Figure 4.43, an ultimate recovery of 23.34% was 

obtained with primary production and it was observed that the recovery profile plateaued after less 

than a day of production. CO2 injection increased recovery by close to 70%, leading to an ultimate 

recovery of 90.57% after 14 days. When CO2 was injected for 7 days followed by 7 days of AFB 

brine injection, the recovery factor was 90.29%, producing 0.26% of oil-in-place less compared to 

stand-alone CO2 injection. Similarly, nanofluid-assisted CO2 EOR provided marginal increases in 

oil recovery compared to brine-assisted CO2 EOR or CO2 EOR. A 7-day CO2 injection period 

followed by a 7-day period of 0.5 wt% HNP injection led to a recovery factor of 90.75%. Switching 

from 0.5 wt% HNP to 0.1 wt% HNP at a pH of 6 during the post-CO2 injection phase increased 

recovery factor to 90.86%. Similarly, after CO2 injection for 7 days, the injection of APTES-

modified silica nanoparticle dispersions (0.1 wt% NNP, pH 6) over the same time span, in place 

of 0.1 wt% HNP at pH of 6, led to an ultimate recovery of 90.86%. For the EOR injection scenarios 
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examined, it is generally observed that there was a rapid acceleration of oil production during the 

CO2 injection phase, similar to what was observed in the case of the “do nothing” scenario.  

 

Figure 4.43. Oil recovery profile using nanofluid-assisted CO2 EOR for the high-permeability 

TMS core 

4.3.5. Discussions 

In this study, a core-scale investigation of nanofluid-assisted CO2 EOR in the most productive oil-

bearing zone of the Tuscaloosa Marine Shale was conducted. A high-pressure CO2 injection EOR 

experiment was performed in a tight TMS rock, and compositional simulation of CO2 and nano-

CO2 EOR process in tight and fractured rock systems were conducted following comprehensive 

equation-of-state fluid characterization and modelling of capillary pressure and relative 

permeability curves. In this section, the results are discussed in view of the applicability of CO2 

EOR and nano-enhanced CO2 EOR in TMS and the importance of a systematic multi-scale 

investigation. 
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The recovery factor obtained from the high-pressure CO2 coreflood experiment in the tight 

TMS rock was 32.92% which indicates that CO2 injection has a promising potential in the TMS 

HRZ with the poorest reservoir quality, in terms of porosity and permeability. In the context of 

shale oil recovery in the US industry, ultimate recovery estimates via hydraulic fracturing and 

horizontal drilling in most US tight oil reservoirs are no more than 10% and this study shows that 

CO2 injection can provide up 3x this value. It was also observed that the injection of CO2 

accentuated the splitting of TMS core along bedding planes but it remains to be known whether 

these “cracks” considerably affect the performance of CO2 injection at field scale – especially if 

the cracks become extensive and are in concert with hydraulic fractures created across the sandface 

in horizontal wells. It is also possible that this may be of less of an issue at the field scale, due to 

effects of overburden pressure and reservoir compaction.  

Reservoir fluid properties have a significant impact on fluid phase behavior, so it is 

important to adequately characterize the fluids in TMS using relevant laboratory data. The Peng-

Robinson equation-of-state were tuned using experimental PVT data from differential liberation, 

constant composition expansion and reservoir fluid composition experiments and excellent match 

was obtained between the PVT models and lab data (see Figure 4.32). The oil viscosity data was 

also excellently matched with the Jossi-Stiel-Thodos (JST) correlation.  

Next, the workflow displayed in Figure 3.20 was implemented to model capillary pressure 

and relative permeability curves as a function of micron-scale experimental data such as IFT, 

DDDC contact angle and special core analyses conducted elsewhere (Lohr and Hackley, 2018). 

The resulting relative permeability curves were then compared with log-based relative 

permeability data for the water phase, for the low-permeability and high-permeability regions in 

TMS. The relative permeability curves showed that the TMS HRZ is strongly water-wet, having 
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the Kro/Krw crossover point (> 0.5) and initial water saturation criteria according to Craig’s rule of 

thumb (see Figure 2.2 and Figure 4.33). The existence of a strongly water-wet pore network in 

TMS was also observed during an NMR study performed elsewhere (Besov et al., 2017) and from 

DDDC advancing contact angle of 45° measured at the micron-scale in this study. The close match 

obtained between the modelled relative permeability curves and the log-derived water relative 

permeability data is indicative of: the reliability of the workflow designed herein; the similarity of 

the AFB brine composition and the actual in-situ formation water composition; and the accuracy 

of IFT and contact angle measurements. Characterization of shale wettability is a research area of 

growing interest (Arif et al., 2021) and this study contributes meaningfully to the existing body of 

knowledge.  

It is seen that the oil/water (AFB) capillary pressure for the low-permeability zone is in the 

range of 0-150 psia because the arithmetic average permeability for this zone is 0.02 mD. As 

reported by a group of authors (Lohr and Hackley, 2018), absolute permeability in TMS HRZ in 

Mississippi location is in the range of 0.000004 - 0.002 mD and the resulting capillary pressure is 

in the range of 700 – 6000 psia. It is also noticed that the oil/gas capillary pressure both for the 

low- and high-permeability zones (Figure 4.34) are significantly lower than the oil/water capillary 

pressures (shown in Figure 4.33b) due to the higher degree of interactions -such as compositional 

variations and mass transfer - between oil and gas phases compared to oil and water phases.  

When TMS rock/oil/brine (or nanofluid) systems were studied at the micron scale, 

hydrophilic silica dioxide nanoparticle dispersions significantly impacted the water advancing 

contact angle while APTES-modified dispersions significantly reduced interfacial tension, so it is 

expected that these will translate to a change in capillary pressure and relative permeability curves 

at the core scale. This was confirmed in Figure 4.36 and Figure 4.37. The optimal concentration 
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of hydrophilic silica-based nanofluid which is 0.5 wt% HNP as identified from nano-to-micron 

scale resulted in lower capillary pressure compared to AFB due to reduction in IFT and contact 

angle. However, NNP at 0.1 wt% and pH of 6 resulted in the lowest capillary pressure due to the 

largest decrease in IFT obtained with surface-functionalized silica nanoparticles, from 14 mN/m 

in AFB to 1 mN/m. On the other hand, unmodified silica nanoparticles (0.1 wt% HNP, pH of 6) 

resulted in a higher IFT to 21 mN/m which further increased capillary pressure even more than 

AFB. Correspondingly, silica-based nanofluids increased oil relative permeability and reduced 

water relative permeability compared to AFB. 

A recovery factor of 30.92% was obtained with CO2 EOR core-scale simulation in a low-

permeability TMS core, which is in excellent agreement with the recovery factor of 32.92% 

obtained from the high-pressure coreflood experiment. The simulation result showed that recovery 

profile plateaued after ~1 day of CO2 injection, exactly how long the coreflood experiment lasted 

for and further indicating the technical feasibility of CO2 injection in low-permeability regions of 

TMS HRZ. In an actual field development scenario, the invasion of silica nanoparticles in pores 

with nanometer size distribution may lead to severe permeability impairment, which explains why 

injection of nanofluids in the low-permeability model were not simulated. The SEM micrographs 

obtained in this study confirms the possible existence of a fractal pore morphology in the low-

permeability TMS rock (see Figure B. 2 in Appendix B). Pores of 222 nm – 778 nm in diameter 

were characterized on the surface of the TMS rock, but subsequent cutting using focused ion beam 

to obtain a cross-sectional image revealed the presence of smaller pores, which can be small as 49 

nm in diameter. As such, the injection of silica nanoparticles of 16 nm in diameter may potentially 

lead to severe permeability impairment. 
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In a strongly water-wet high-permeability reservoir, water occupies the smaller pores, 

forming extensive and continuous films on pore surfaces which aid imbibition and leads to rapid 

displacement of the oil phase from the bigger pores to production wells. The water-wetting phase 

also favors the interaction of CO2 with the oil at the center of the pores and accelerate oil 

production during CO2 EOR. As shown in Figure 4.43, oil recovery efficiency profiles of the high-

permeability model after primary production and EOR generally reveal a steep initial production 

phase followed by a plateau phase as in the case of primary production – or “do nothing” – scenario 

or a gradual phase as in the cases of CO2 and nanofluid-assisted CO2 injection scenarios. The steep 

initial phase is primarily caused by the strongly-water wet state of the TMS model; in an oil-wet 

reservoir, the oil recovery efficiency gradually increases with pore volume of fluid injected over 

time before reaching a plateau (Todd and Somerville, 2014). Figure 4.43 revealed the advantage 

of CO2 EOR scenario over the do-nothing scenario: the former generated a recovery factor of 

90.57% compared to 23.34% obtained with the latter. However, the initial water-wet state of the 

high permeability TMS model masked the potential benefits of injecting brine after CO2 injection 

and injecting nanofluids in place of brine (post-CO2 injection). AFB-assisted CO2 injection 

recovered 90.29% oil-in-place (OIP) and silica nanoparticle dispersions (0.5 wt% HNP, 0.1 wt% 

HNP at pH of 6 and 0.1 wt% NNP at pH of 6) recovered between 90.75% and 90.86% of oil in 

place. Therefore, the existence of an initially oil-wet state is an important criterion for screening 

naturally fractured shale oil reservoirs such as TMS for the field-scale deployment of silica-based 

nanofluid EOR.  

A mineral known to promote oil wetness is calcite. The IEP of calcite is between 7-11, 

which implies that calcite surfaces will be positively charged at typical reservoir conditions such 

as in TMS where the pH is less than 7. The negative charges carried by COO- in crude oil binds to 
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Ca2+ at the calcite surface, forming organometallic complexes and promoting oil wettability. As 

such, calcite mineral mainly found in carbonate reservoirs are known to be mostly oil-wet (Afekare 

and Radonjic, 2017), which suggests that carbonate rocks or carbonate-rich shale reservoirs can 

be excellent candidate reservoirs for hydrophilic silica-based nanofluid EOR or nanofluid-assisted 

CO2 EOR, as previously shown (Haeri and Rao, 2019). The silica nanoparticles can render the 

positively charged calcite surface negatively charged, which will promote electrostatic repulsion 

from negatively charged crude oil molecules and shift wettability towards less oil wet. In this 

study, a closer examination of the relative permeability data obtained from well logs identified 

some outlier data points: very low water relative permeability values of 0.02-0.2 were observed at 

water saturation range of 0.2-0.4, as shown in Figure 4.44. The mineralogical data from TMS HRZ 

revealed that these areas contain significant amounts of calcite (10-24%) compared to the zone of 

focus in this study which predominantly contains clays and quartz (87%), with trace amounts of 

calcite (<5 %).  

A broader look at the entire well logging data for the TMS (within and outside HRZ) 

revealed a strong correlation between the calcite content and relative permeability to water (see 

Figure E. 1 in Appendix E). Within the HRZ where the reservoir has very low calcite content (0 -

5%), the initial water saturation was high (0.6), and majority of the water relative permeability 

curve are in the region of 0.6-1 in terms of water saturation. This may indicate a cross-over 

saturation point of greater than 0.5 and thus confirm water-wetness. However, calcite content 

appears significant outside the HRZ. In these regions with high calcite content, from 10% to say 

95%, the initial water saturation was significantly lower (0.2-0.4) and the relative permeability 

data points were between 0.2 and 0.7 in terms of water saturation, which may suggest a change in 

wettability state from water-wet to oil wet. Thus, it is recommended to comprehensively study 
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areas in TMS with notable presence of calcite mineral in the context of nanofluid-assisted CO2 

EOR.  

 

Figure 4.44. The log-derived relative permeability data obtained in TMS HRZ shows the effect 

of effect of calcite content on relative permeability to water 

Another reason for the marginal incremental recovery obtained could be because a change 

in residual oil saturation – which is a direct indication of microscopic displacement - was not 

implemented in the simulator. These results can be corroborated with recovery data from coreflood 

experiments in high-permeability TMS cores which were not performed due to the non-availability 

of high-permeability cores from the sampled well. As some researchers (Tovar et al., 2014) have 

shown, using fractured pieces of available low-permeability TMS rocks with glass beads, for 

example, could replicate a high-permeability shale rock system but the fissile nature of TMS and 

the potential permeability damage from invasion of nanoparticles constitute significant operational 

constraints.   

Overall, using Tuscaloosa Marine Shale as a case example, this study has shown that the 

core-scale potential of nanofluid-assisted CO2 EOR in naturally fractured shale oil reservoirs can 
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be adequately investigated based on sufficient reservoir fluid and rock characterization as well as 

multiscale, physics-based modelling of relative permeability and capillary pressure curves for oil, 

gas and water phases.  
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5. CONCLUSIONS AND FUTURE WORK  

5.1. Conclusions 

In this study, a systematic nano-to-core scale characterization of nanofluid-assisted CO2 EOR was 

performed, using a series of high-resolution analytical tools, precise material characterization and 

wettability measurement techniques, mathematical models and core-scale multiphase flow 

simulation software.  

Consequently, the following conclusions are drawn: 

• The objective of the nanoscale study to investigate the wettability alteration performance 

of silicon dioxide nanoparticles at the nanoscale and expand current scientific 

understanding in the context of nanofluid EOR was successfully met. At the nanoscale: 

o Atomic force microscope investigations performed at ambient conditions showed 

that aqueous dispersions of hydrophilic silicon dioxide nanoparticles (HNP) can 

effectively improve nanoscale wettability alteration (towards less water-state) by 

significantly decreasing rock-oil adhesion force (by over 70%) and work of 

adhesion (by over 95%) required to spontaneously desorb alkane (-CH3), aromatic 

(-C6H5) and carboxylate (-COOH) compounds predominantly found in TMS crude 

oil from pure mineral surfaces of mica (clay substitute) and quartz. On the basis of 

force spectroscopy evaluations, 0.5 wt% HNP was found to be the optimal 

nanofluid concentration for hydrophilic silica nanoparticles. The broad implication 

is that silica nanoparticle dispersions can recover non-polar and polar crude oil 

species from shale rock surfaces predominantly containing clays and quartz 

minerals.  
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o In a pH-controlled environment (pH of 6), the grafting of aminosilanes (APTES; 

containing the -NH2 group) onto the surface of hydrophilic silica nanoparticles 

generally led to an increase in adhesion force and surface energies compared to bare 

nanosilica materials, AFM studies showed. Compared to 0.1 wt% HNP at pH of 6, 

APTES-modified silica nanoparticles (0.1 wt% NNP) increased adhesion force of 

-CH3, -C6H5 and -COOH functional groups to mica by 140-700%, and in turn 

increased adhesion energy by 300-1400%. The same cannot be said for quartz, 

however, which indicates that mineralogical composition plays a significant role in 

nanoscale wetting effects. APTES-modified silica nanoparticles increased adhesion 

force of -CH3 species to quartz by 35% whereas it decreased adhesion force of -

C6H5 to species and -COOH species to mica by over 65% and almost 20% 

respectively. In turn, the adhesion energy between -CH3 species and quartz 

increased by 65% whereas adhesion energy decreased between -C6H5 species and 

mica and -COOH species and mica by over 80% and over 30% respectively.  

o A deeper look into the elemental force curves from AFM studies showed that 

adhesion force is a resultant of different intermolecular forces such as electrostatic 

repulsion, non-electrostatic adhesive force, and structural interactions. As such, 

hydrophilic silica nanoparticles effectively decreased adhesion force by increasing 

electrostatic repulsion and reducing the non-electrostatic adhesive force 

component. The zeta potential and pH data supported the increased electrostatic 

repulsion effects: with a z-potential range of -23 mV and – 26 mV at pH of 57.5 to 

8.5, the HNP solutions will render the quartz and mica surfaces negatively charged 
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since both minerals have an IEP of 2-3. Resultantly, the electric double layer 

expands in the presence of similarly charged molecules such as those of carboxylate 

(–COOH-) compounds. The surface free energies of the hydrophilic silica 

nanoparticles led to the creation of a chemical potential gradient at the rock/fluid 

interface which reduced the non-electrostatic component of adhesion force. On the 

other hand, APTES-modified silica nanoparticles increased adhesion force 

compared to unmodified hydrophilic silica nanoparticles partly by reducing 

electrostatic repulsion. The positive charges on surfaces of the modified 

nanoparticles (zeta potential of +12 mV at pH of 6) will render the mica and quartz 

surfaces positively charged, compress the electric double layer and increase 

adhesion force of negatively charged species as carboxylate (–COOH-) compounds. 

The increase in adhesion force of functional species to mica at high concentration 

of HNP media and increase in adhesion force due to silanization of silica 

nanoparticles can be partly attributed to emergence of structural forces. As these 

nanoparticles become exceedingly large in number (2 x 1015 particles per ml or 1 

wt% HNP), they tend to be confined, ordering themselves in discrete layers and 

exhibiting structural forces. The structural forces favor interparticle interactions at 

the expense of chemical interactions between the nanoparticles and the mineral 

substrates, thus increasing adhesion force. The presence of –NH2 group screens the 

interparticle charges to promote aggregation, self-assembly and structural forces. 

Structural forces are complex in nature and require more thorough research in the 

context of surface forces and thermodynamics of wetting films.  
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o Hydrophilic silica nanoparticles irreversibly adsorb on pure minerals of mica and 

quartz and on TMS rocks, as AFM data and SEM micrographs showed. AFM force 

measurements showed that silicon dioxide nanoparticles irreversibly adsorb on 

quartz and clay surfaces in a manner that has the potential to augment the 

performance of brine-alternate-nanofluid EOR treatments at nano to core scales and 

reduce the amount of nanofluids to be injected. Yet, the adsorption and aggregation 

of silica nanoparticles on shale rocks, as seen from SEM micrographs, can pose a 

formation damage concern.  

• The objective of the micron-scale characterization study to differentiate the impact of silica 

nanoparticles on rock/fluid interactions (surface wettability effects) and fluid/fluid 

interactions (interfacial tension effects) was successfully fulfilled. At the micron-scale: 

o Hydrophilic silica nanoparticles (HNP) showed a great potential for enhancing oil 

recovery in quartz- and clay-rich shale oil reservoirs through wettability 

modification but not through interfacial tension reduction. Results from optical 

tensiometer tests conducted at ambient conditions showed that HNP solutions 

generally had a modest effect on interfacial tension when micron-sized droplets of 

single-component hydrocarbons carrying –CH3, -C6H5, and –COOH functional 

groups as well as actual TMS crude oil were tested in nanofluid media. compared 

to artificially prepared brine AFB, the optimal HNP concentration of 0.5 wt% 

decreased –CH3/HNP IFT from 34 mN/m to 33 mN/m, increased -C6H5/HNP IFT 

from 18 mN/m to 22 mN/m, decreased –COOH + C6H5/HNP IFT from 17 mN/m 

to 10 mN/m and TMS oil/HNP IFT from 14 mN/m to 8 mN/m. However, precise 

micron-scale wettability characterization using the dual-drop dual-crystal 
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technique showed that hydrophilic silica nanoparticles (HNP) at 0.05-1 wt% 

reduced advancing contact angle measured between the TMS oil droplet, the shale 

rock surface and AFB brine from 45° (water-wet state) to 0 (perfectly water-wet 

state): the oil droplet on contacting the shale rock surface immediately retracted and 

migrated upwards towards the oil/water interface. 

o In a pH-controlled environment (pH 6), the grafting of aminosilanes onto the 

surface of hydrophilic silica nanoparticles (NNP) led to a further reduction in IFT 

but a lower decrease in advancing contact angle compared to HNP at 0.1 wt% 

concentration. As such, these APTES-modified silica nanoparticles showed a great 

potential for enhancing oil recovery in quartz- and clay-rich shale oil reservoirs 

through wettability modification and interfacial tension reduction. Results from 

optical tensiometer tests at ambient conditions showed that, compared to AFB 

brine, 0.1 wt% NNP decreased –CH3/HNP IFT from 34 mN/m to 7 mN/m, 

increased -C6H5/HNP IFT from 18 mN/m to 7 mN/m, decreased –COOH + 

C6H5/HNP IFT from 17 mN/m to 2 mN/m and TMS oil/HNP IFT from 14 mN/m 

to 1 mN/m. The DDDC results showed that NNP reduced TMS rock/oil/brine 

advancing contact angle from 45° in brine (water-wet state) to 20° (more water-wet 

state). 

o From the Young-Dupre equation, the resulting adhesion force calculations for the 

TMS oil/rock/nanofluid are in excellent agreement with nanoscale adhesion force 

measurements for pure minerals and functional groups. Hydrophilic silica 

nanoparticle dispersions at all concentrations tested decreased adhesion force of 

TMS crude oil to the shale rock surface (0.753 μN to 0); at the nanoscale, HNP 
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solutions significantly reduced adhesion force of –CH3, -C6H5 and –COOH groups 

to mica and quartz surfaces. compared to HNP solutions, dispersions of APTES-

modified silica nanoparticles (NNP) increased adhesion force of TMS crude oil to 

TMS shale rock; at the nanoscale, NNP generally increased adhesion force of –

CH3, -C6H5 and –COOH functional groups especially to mica (clay substitute) 

surfaces. The TMS shale contains 44% clays and 43% quartz, and with the former 

being more reactive, it appears that clay minerals on TMS predominantly dictate 

the response to the oil release mechanisms of silica nanoparticles.  

o The observed impacts of silica nanoparticles on fluid/fluid and rock/fluid 

interactions directly linked to surface and intermolecular forces observed at the 

nanoscale. Hydrophilic silica nanoparticles effectively decreased adhesion force by 

reducing contact angle, which is in turn effectively reduced by increasing 

electrostatic repulsion and reducing the non-electrostatic adhesive force 

component. The zeta potential and pH data supported the increased electrostatic 

repulsion effects: with a z-potential range of -23 mV and – 26 mV at pH of 57.5 to 

8.5, the HNP solutions will render TMS rock surfaces negatively charged since the 

main minerals - namely quartz and clays - have an IEP of 2-3. Resultantly, the 

electric double layer expands in the presence of similarly charged molecules in 

TMS oil such as those of carboxylate (–COOH-) compounds. Carboxylate 

compounds are highly surface-active and significant control the response of crude 

oil compounds to interfacial effects. As such, the contact angle effects observed 

with TMS crude oil can be linked to the –COOH compounds present. The surface 

free energies of the hydrophilic silica nanoparticles led to the creation of a chemical 
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potential gradient at the rock/fluid interface which reduced the non-electrostatic 

component of adhesion force. On the other hand, compared to unmodified 

hydrophilic silica nanoparticles, APTES-modified silica nanoparticles increased 

adhesion force partly by increasing advancing contact angle. The increase is contact 

angle arises partly by reduction in electrostatic repulsion at the TMS rock/fluid 

interface. The positive charges on surfaces of the modified nanoparticles (zeta 

potential of +12 mV at pH of 6) will render the mica and quartz surfaces positively 

charged, compress the electric double layer and increase adhesion force of 

negatively charged species as carboxylate (–COOH-) compounds in TMS crude oil. 

The positive charges on the nanoparticles’ surfaces is also primarily responsible for 

the notable effect on IFT reduction: the oil/water interface has a negative charge 

(due to hydroxyl ion adsorption), and the introduction of positively charged 

functionalized particles will tend to neutralize the interface charge, leading to a 

significant reduction in IFT. 

 

• The objective of the core-scale study to evaluate nanofluid-enhanced CO2 EOR for TMS 

using nano-to-micron scale data in conjunction with reservoir rock and fluid 

characterization was successfully achieved.  At the core scale: 

o A customized, high-pressure (1000 psi) coreflood experiment was successfully 

conducted to evaluate CO2 EOR potential in a low-permeability (0.07 mD) TMS 

core. A recovery factor of 33% was obtained, which indicates that immiscible CO2 

injection has promising potential to recover a significant amount of oil-in-place in 

shale oil reservoirs.  
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o  CMG WinProp, a commercially available fluid property characterization software, 

was used to perform comprehensive reservoir fluid characterization for TMS. The 

Peng-Robinson Equation-of-state was tuned to accurately match laboratory results 

of PVT experiments such as differential liberation, constant composition 

expansion, reservoir fluid composition, flash expansion and separator tests. 

Consequently, accurate regression models of PVT properties such as oil and gas 

formation volume factor, z factor, gas viscosity, bubble point pressure and gas oil 

ratio were obtained. The Jossi-Thodos-Steidel correlation was used to adequately 

model oil viscosity. The TMS was identified as a black oil reservoir, with bubble 

point pressure of 1417 psia, initial reservoir pressure and temperature of 7497 psia 

and 260°F respectively. 

o An extensive TMS reservoir rock characterization study was conducted, using 

available formation evaluation and well logging data, to delineate the most profilic 

hydrocarbon-bearing zone in TMS – known as the high-resistivity zone (HRZ) – 

and evaluate the main petrophysical properties which are permeability and porosity. 

The HRZ was delineated between from 15289.5’ – 15467.5’ TVD using the deep, 

medium and shallow resistivity logs as well as the total organic content data. The 

permeability-porosity relationship exhibits a strong correlation, with R2 = 0.8. Two 

distinct regions were identified: the low-permeability region, with average porosity 

of 0.08 and 0.02 mD respectively; and the high-permeability region, with average 

porosity of 0.13 and 1 mD respectively. The main geologic minerals identified from 

the TMS HRZ were quartz, illite and kaolinite clays, which agrees strongly with 

the XRD results obtained from this study. 
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o The Leverett J Function and Purcell Model were successfully coupled to derive 

three-phase capillary pressure curves and relative permeability curves for the low-

permeability and high-permeability regions of TMS HRZ as a function of porosity, 

permeability, as well as interfacial tension and advancing contact angle measured 

at the micron-scale. The resulting oil/water relative permeability curves were 

compared with well logging data for the rock relative permeability to water and an 

excellent match was obtained. The TMS HRZ both within the high-permeability 

and low-permeability regions were confirmed to be water-wet, which is in excellent 

agreement with the DDDC- measured advancing contact angle at the micron scale. 

Compared to brine AFB, hydrophilic and APTES-modified silica nanoparticles 

showed great potential to enhance oil recovery in the high-permeability regions of 

TMS HRZ by reducing the oil/water capillary pressure, increasing the oil relative 

permeability and decreasing water relative permeability.   

o Using CMG GEM software package, a core-scale compositional simulation of CO2 

EOR in a low-permeability TMS model was conducted at typical reservoir 

conditions of 1000 psi and 260°F. Results showed that immiscible CO2 EOR can 

improve recovery by up to 31% of oil in place, which strongly agrees with the 

recovery factor of 33% obtained with high-pressure coreflood experiment of CO2 

EOR. The petrophysical properties, multiphase flow parameters and operational 

constraints defined in the model were based on the actual properties of the rock and 

lab conditions set for the coreflood experiments, which makes the comparison 

justifiable. The experimental and simulation results also confirm that CO2 EOR can 

significant volumes of oil-in-place in the TMS HRZ with the poorest reservoir 
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quality, in terms of porosity and permeability by vaporizing light hydrocarbon 

components. Increasing the injection pressure from 1000 psi to 2000 psi can 

significantly improve recovery efficiency and aid miscibility development.  

o Using CMG GEM software package, different EOR scenarios using CO2 and silica 

nanoparticle dispersions were simulated in a high-permeability TMS model at 

typical reservoir conditions (1000 psi and 260°F) and compared against primary 

production. Results showed that primary production, which may occur using 

hydraulically fractured horizontal well for example, can recover 23% of oil in place 

and immiscible CO2 EOR can recover up to 91% oil in place by accelerating 

production due to the water-wet nature of TMS, and altering the phase behavior of 

in-situ oil components. The combination of CO2 and silica-based nanofluids 

provided a marginal increase in recovery (less than 1%) compared to either stand-

alone CO2 EOR or CO2-alternate-brine injection primarily due to the initial water-

wet state of the high-permeability TMS model. Thus, in the context of nanofluid-

assisted CO2 EOR, this study helped reveal an important criterion for taking science 

to the field: the existence of an initially oil-wet state.  

5.2. Suggestions for Future Work 

In this research, the enhanced oil recovery potential of silica nanoparticle dispersions were 

systematically studied across length scales in conjunction with CO2 EOR at the core scale for 

potential applications in shale oil reservoirs such as TMS. Oil release mechanisms at the micron 

and nano scales such as wettability alteration and fluid/fluid interactions were studied in view of 

surface adhesion forces, interfacial tension measurements and advancing contact angle 

measurements. Multi-scale, physics-based models were derived for relative permeability and 
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capillary pressure curves and core-scale experiment and simulations were used to investigate nano-

assisted CO2 EOR in low-permeability and high-permeability TMS systems. 

 

Despite the comprehensive study, analyses and meaningful observations which led to a 

contribution of relevant and original knowledge in petroleum engineering, certain gaps and 

limitations were not addressed. Thus, this study has paved way for subsequent research which can 

be performed to expand the existing body of knowledge in the area of nanofluid and CO2 EOR for 

shale oil reservoirs. As a result, the following suggestions are raised, in view of future research 

directions: 

• At the nanoscale, AFM force spectroscopy offer fundamental-level information that can be 

supplemented with molecular-level simulations as well as other material characterization 

techniques, for broad EOR screening. For example, pore size profile of rocks will 

ultimately determine what size and concentration of injected nanoparticles to prevent 

permeability damage, but this may be less of an issue if reservoir target zones contain 

highly conductive natural fractures in concert with hydraulic fractures, such as in the case 

of TMS HRZ. Additional research is required in establishing demarcation boundaries for 

oil-wet, intermediate-wet and water-wet states in the context of adhesion force 

measurements. Furthermore, the AFM experiments conducted herein were at room 

temperature and pressure conditions, and even though adhesion is typically not a pressure-

dependent property, theoretical models of surface forces have identified temperature as a 

controlling factor (Hilner   et al., 2016). In the context of shale oil recovery, molecular 

dynamic simulation studies have identified the adsorption of typical crude oil compounds 

such as alkane and aromatic hydrocarbons on kerogen, a principal component of the 

organic pore network in shale reservoirs. A forward approach will therefore be to conduct 
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force spectroscopy investigations on kerogen surfaces contacted with a range of functional 

groups in the presence of nanofluid media. 

 

• At the micron scale, this work investigated the effect of silica nanoparticles on interfacial 

tension and contact angle measurements using the DDDC technique at ambient conditions. 

A more comprehensive study on the impact of pressure and temperature is recommended 

to expand the understanding of the performance of silica-based nanofluid EOR at typical 

shale reservoir subsurface conditions. Performing DDDC contact angle measurements on 

pure minerals such as quartz and mica and correlating the data to the same measurements 

on actual TMS rock surfaces will further reveal the contribution of mineralogical 

composition to surface wettability changes. 

• At the core scale, oil displacement mechanisms of CO2 EOR in shale oils, such as 

diffusivity, soaking and miscibility, can be studied to enlarge current scientific 

understanding and further strengthen the case for field applications. The extremely fissile 

nature of the TMS core samples provided for this study placed an operational restriction 

on their use in high-pressure high-temperature experiments. Therefore, it is recommended 

to obtain less fissile shale rocks from several wells and perform coreflood EOR studies to 

explicitly reveal the potential of CO2, brine and nanofluid injection. A more comprehensive 

study on relative permeability and capillary pressure to include hysteresis effects is also 

recommended to understand the impact of drainage and imbibition paths in the context of 

multiphase flow through shale porous media.  

• Pertinent to reservoir fluid characterization, it is not uncommon for shale reservoirs to have 

different types of fluid windows (from black oil to wet gas) and thus a variety of PVT 

datasets, but commercially available simulators such as CMG WinProp can only analyze 
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1-2 sets of PVT data at a time. Thus, machine learning algorithms such as multivariate 

linear regression, principal component analysis and discriminant analysis can be used to 

adequately characterize reservoir fluids in shale.  

• The understanding of the TMS geology and reservoir architecture is currently limited, as 

revealed by literature survey and from personal communications with geologists working 

on TMS. More extensive reservoir characterization, including special core analyses, 

formation evaluation and geomechanical effects are required to delineate the hydrocarbon-

bearing zones, pore size distribution and the impact of stresses on porosity and permeability 

profiles in TMS.  Calcite mineral is known to favor oil wetness and this study has revealed 

the presence of varying amounts of calcite outside the TMS HRZ. Thus, to identify the 

initial wetting states of TMS in these zones and study the wettability modification effects 

of silica-based nanofluid EOR, it recommended to use core samples from the zones with 

significant amount of calcite mineral.   

• In general, research on the use of nanoparticles for oilfield applications only began in just 

over a decade ago. Thus, an extensive study on a variety of other types of eco-friendly 

nanoparticles with functionalization of environmentally compatible chemicals such as 

chitosan-based polyelectrolyte complexes offer a forward approach in nanodispersion EOR 

research.    
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APPENDIX A. TMS RESERVOIR FLUID CHARACTERIZATION 

Table A. 1. Differential Liberation (DL) Data Obtained from TMS Well PVT Analyses at 260°F 

Oil Properties 
       

Pressure   Liquid 

Density 

Liquid 

Compress. 

Liquid 

Viscosity 

Liberated 

GLR, Rl 

Solution 

GLR, Rsd 

Oil FVF, 

Bod 

 

(psia) (g/cm3) (V/V/psi) 

x 106 

(cP) (scf/bbl) (scf/bbl) (vol/resid. 

vol) 

 

9,000 
 

0.746 
 

0.563 0 610 1.442 
 

8,000 
 

0.741 6.84 0.539 0 610 1.451 
 

7,497 Reservoir 0.739 7.07 0.526 0 610 1.457 
 

7,000 
 

0.736 7.34 0.514 0 610 1.462 
 

6,603 FBHP 0.734 7.66 0.504 0 610 1.466 
 

6,000 
 

0.730 8.14 0.488 0 610 1.474 
 

5,000 
 

0.723 9.19 0.461 0 610 1.487 
 

4,000 
 

0.716 10.34 0.433 0 610 1.503 
 

3,000 
 

0.707 12.20 0.404 0 610 1.521 
 

1,417 Saturation 0.690 15.36 0.356 0 610 1.559 
 

1,250 
 

0.699 13.25 0.372 44 566 1.523 
 

1,000 
 

0.708 11.80 0.398 114 496 1.486 
 

750 
 

0.716 10.49 0.429 182 428 1.450 
 

500 
 

0.727 9.40 0.463 252 358 1.408 
 

250 
 

0.739 8.55 0.513 336 274 1.355 
 

15.025 
 

0.770 
 

0.569 610 0 1.107 
 

15.025 at 60 °F 0.851 API = 34.6 

° 

      1.000 
 

         

Vapor Properties 
       

Pressure Gas 

Density 

Gas Z 

Factor 

Incr. Gas 

Gravity 

Cum. 

Gas 

Gravity 

Gas FVF, 

Bg 

Gas FVF, 

Bg 

Total 

FVF, 

Bt 

Calc. 

Gas 

Viscosity 

(psia) (g/cm3) (vol/vol 

at std) 

(Air = 

1.00) 

(Air = 

1.00) 

(res bbl 

/mmscf) 

(res cu ft / 

scf) 

(vol/resid. 

vol) 

(cP) 

1,250 0.071 0.895 0.850 0.850 2,653 0.01489 1.641 0.016 

1,000 0.058 0.906 0.867 0.861 3,357 0.01885 1.869 0.015 

750 0.045 0.919 0.908 0.878 4,540 0.02549 2.277 0.014 

500 0.032 0.935 0.981 0.907 6,926 0.03888 3.152 0.013 

250 0.019 0.957 1.181 0.976 14,187 0.07966 6.125 0.012 

15.025 0.002 1.000 2.464 1.644 246,654 1.38486 151.646 0.009 
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Table A. 2. Constant Composition Expansion (CCE) Data Obtained from TMS Well PVT 

Analyses 

Pressure 
 

Relative Oil Oil Y-Function 

  
 

Volume Density Compressibility   

(psia)   (V / Vsat) (g/cm3) (DV/V/Dpsi) x 

106 

(Psat-

P)/P(V/Vsat-1) 

9,000 
 

0.924 0.746 
 

  

8,000 
 

0.931 0.741 6.84   

7,497 Reservoir  0.934 0.739 7.07   

7,000 
 

0.938 0.736 7.34   

6,603 FBHP 0.940 0.734 7.66   

6,000 
 

0.945 0.730 8.14   

5,000 
 

0.954 0.723 9.19   

4,000 
 

0.964 0.716 10.34   

3,000 
 

0.976 0.707 12.20   

1,417 Saturation 1.000 0.690 15.36   

1,000 
 

1.208 
  

2.00 

800 
 

1.415 
  

1.86 

600 
 

1.791 
  

1.72 

400 
 

2.624 
  

1.57 

200   5.317     1.41 

 

Table A. 3. Reservoir Fluid Composition from Wellhead Zero Flash. Flash Summary (5000 Psia 

and 260°F to Atmospheric Pressure and 80°F) 

  GOR 390 scf/stb Vapor 

Gravity 

1.115 (Air = 1.00) 

  FVF 1.346 Vsat/Vst

d 

API 

Gravity 

38.4 °API at 60°F (Water Free) 

         

Component Atm. 

Vapor 

Atm. 

Liquid 

Atm. 

Liquid 

MWt. Specific 

Gravity 

Reservoir 

Fluid 

Reservoi

r 

Fluid 

(Symbol / 

Name) 

(mole

%) 

(mole %) (weight %)   (Water = 

1.0) 

(mole %) (weight 

%) 

N2 Nitro

gen 

1.279 0.000 0.000 28.01 0.809 0.515 0.116 

CO

2 

Carbo

n 

Dioxi

de 

4.497 0.000 0.000 44.01 0.818 1.809 0.639 

H2

S 

Hydr

ogen 

0.000 0.000 0.000 34.08 0.801 0.000 0.000 
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Sulfid

e 

C1 Meth

ane 

49.656 0.046 0.004 16.04 0.300 20.003 2.575 

C2 Ethan

e 

13.246 0.234 0.038 30.07 0.356 5.468 1.319 

C3 Propa

ne 

14.851 1.210 0.285 44.10 0.507 6.698 2.370 

iC4 i-

Butan

e 

2.242 0.512 0.159 58.12 0.563 1.208 0.563 

nC4 n-

Butan

e 

6.979 2.589 0.805 58.12 0.584 4.355 2.031 

iC5 i-

Penta

ne 

2.313 2.277 0.879 72.15 0.624 2.291 1.327 

nC5 n-

Penta

ne 

1.995 3.345 1.291 72.15 0.631 2.802 1.622 

iC6 i-

Hexa

nes 

0.869 3.048 1.405 86.18 0.664 2.171 1.501 

nC6 n-

Hexa

ne 

0.447 2.220 1.023 86.18 0.664 1.507 1.042 

C6 Meth

ylcycl

opent

ane 

0.327 2.022 0.910 84.16 0.754 1.340 0.905 

C6 Benz

ene 

0.050 0.308 0.129 78.11 0.883 0.204 0.128 

C6 Cyclo

hexan

e 

0.159 1.378 0.620 84.16 0.783 0.888 0.599 

C7 Hepta

nes 

0.412 5.841 3.130 100.20 0.688 3.657 2.940 

C7 Meth

ylcycl

ohexa

ne 

0.210 3.257 1.711 98.19 0.775 2.031 1.600 

C7 Tolue

ne 

0.036 2.716 1.339 92.14 0.874 1.638 1.211 

iC8 Iso-

Octan

e 

0.051 0.119 0.073 114.23 0.697 0.092 0.084 
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C8 Octan

es 

0.183 5.395 3.296 114.23 0.707 3.298 3.023 

C8 Ethyl 

Benz

ene 

0.008 0.529 0.300 106.17 0.874 0.319 0.272 

C8 m&p-

Xylen

e 

0.024 0.885 0.503 106.17 0.868 0.539 0.459 

C8 o-

Xylen

e 

0.006 0.322 0.183 106.17 0.885 0.195 0.166 

C9 Nona

nes 

0.085 5.773 3.961 128.26 0.722 3.485 3.586 

C10 Deca

nes 

0.075 6.943 4.978 134.05 0.779 4.180 4.496 

C11 Unde

canes 

 
5.124 4.029 147.00 0.790 3.063 3.612 

C12 Dode

canes 

 
4.570 3.936 161.00 0.801 2.732 3.529 

C13 Tride

canes 

 
4.789 4.483 175.00 0.812 2.862 4.019 

C14 Tetra

decan

es 

 
4.068 4.134 190.00 0.823 2.432 3.707 

C15 Penta

decan

es 

 
3.467 3.821 206.00 0.833 2.072 3.425 

C16 Hexa

decan

es 

 
2.864 3.401 222.00 0.840 1.712 3.049 

C17 Hepta

decan

es 

 
2.548 3.230 237.00 0.848 1.523 2.896 

C18 Octad

ecane

s 

 
2.389 3.208 251.00 0.853 1.428 2.876 

C19 Nona

decan

es 

 
2.145 3.017 263.00 0.858 1.282 2.705 

C20 Eicos

anes 

 
1.636 2.406 275.00 0.863 0.978 2.158 

C21 Henei

cosan

es 

 
1.417 2.205 291.00 0.868 0.847 1.978 

C22 Doco

sanes 

 
1.341 2.188 305.00 0.873 0.802 1.962 
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C23 Trico

sanes 

 
1.146 1.949 318.00 0.878 0.685 1.748 

C24 Tetra

cosan

es 

 
1.023 1.811 331.00 0.882 0.611 1.624 

C25 Penta

cosan

es 

 
0.955 1.763 345.00 0.886 0.571 1.580 

C26 Hexa

cosan

es 

 
0.825 1.584 359.00 0.890 0.493 1.420 

C27 Hepta

cosan

es 

 
0.791 1.583 374.00 0.894 0.473 1.419 

C28 Octac

osane

s 

 
0.712 1.478 388.00 0.897 0.426 1.325 

C29 Nona

cosan

es 

 
0.654 1.407 402.00 0.900 0.391 1.261 

C30

+ 

Triac

ontan

es 

Plus 

 
6.567 21.345 607.53 1.012 3.925 19.134 

            
  

  

 

Tot

al 

  100.00

0 

100.000 100.000     100.000 100.000 

 Calculated 

Molecular 

Weight 

32.06 186.94       124.63   

 Measured 

Molecular 

Weight 

 
186.94 

 
        

 

Table A. 4. Compositional Groupings of TMS Reservoir Oil Based on Normal-to-Normal 

Carbon Distribution 

Group Mole % Weight % MW SG Tb 

Total Fluid 100.000 100.000 124.63 0.766 N/A 

C7+ 51.173 84.895 206.77 0.851 N/A 

C10+ 33.487 69.922 260.24 0.879 1,123 

C20+ 10.201 35.607 435.03 0.947 1,409 

C30+ 3.925 19.134 607.53 1.012 1,613 
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APPENDIX B. SCANNING ELECTRON MICROSCOPE RESULTS 
 

 

Figure B. 1. SEM Micrographs of TMS surfaces without nanoparticles (A) at 20 000 x 

magnification; with nanoparticles at 20 000 (B), 50 000 x (C) and 100 000 x (D).  

 

 

Figure B. 2. Evaluation of TMS pore morphology using SEM: larger pores were characterized on 

surfaces of preserved rock pieces, after which (B) a focused ion beam cross-section image of the 

rock was obtained to characterize () smaller pores  
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APPENDIX C. STEP-BY-STEP GUIDE ON FORCE VOLUME 

SPECTROSCOPY  

This tutorial describes the steps involved in conducting force volume spectroscopy experiments in 

liquid media. The volume spectroscopy is an extension of force spectroscopy which can be used 

to characterize the force of interaction between an AFM tip and a sample surface (e.g. mica) in an 

aqueous environment. This process is followed after the scanning probe system has been prepared 

for contact mode imaging.  

The initial setup for contact mode imaging requires a one-piece nose cone assembly. Conductive 

tips with a resonance frequency of 17-67 kHz, spring constant of 0.08 – 0.32 N/m and gold coating 

have been used for contact mode experiments. However, other types of probes may be used. 

To setup the SPM for contact mode: 

1. Insert the nose cone assembly into scanner 

2. Insert a force spectroscopy compatible probe into the nose cone assembly 

3. Place the scanner into the microscope and connect its cables to secure in place 

4. Align the laser on the cantilever by monitoring through the PicoView software’s camera 

view as well as the detector plate 

5. Insert and align the photodetector. The detector is well-aligned when the red dot is well 

centered and the sum is around 0 V.  

6. Prepare the sample and mount onto the sample plate. The sample must be electrically and 

magnetically insulated from the sample plate to ensure accurate data. For instance it has 

been observed that the AFM tip directly interacts with the sample plate if the sample itself 

is a quartz substrate (a conductive material) placed in a liquid cell. In this case, a mica 



181 

 

substrate – or another non-conductive material can be placed on the sample plate before 

the actual sample is attached. 

7. Next, in the PicoView software select Mode > Contact AFM  

8. If not previously done, select Controls > Camera view and observe the tip and sample in 

the camera window 

9. Viewing the window, raise the sample using the Close switch on the HEB until the tip very 

close to, but not touching the sample 

10. Next you will “approach” the sample to bring the tip and sample in contact. Key steps 

involved in this process are: 

a. Note the Deflection reading on the HEB front panel, or in PicoView’s Laser 

Alignment window (both should display very similar values, if not same). This is 

the current cantilever deflection (V).  

b. In PicoView’s Servo window, enter a Setpoint value slightly more positive than 

the current Deflection reading. For instance, it is recommended to set the deflection 

to about -0.2 V to – 0.3 V while maintaining a Setpoint of 0 V, force spectroscopy 

measurements in air.  

c. Enter representative values for the I and P Gains. Values between 5-10 have been 

used.  

d. Now click Approach in the PicoView toolbar to contact the sample with the tip.  

11. The next step is calibrate the tip by determining the deflection sensitivity and spring 

constant. The main steps involved are: 

a. Select Controls > Spectroscopy  

b. In the resulting window, choose the plot type to be Force vs Distance  
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c. In the Spectroscopy basic tab, click on the 1 button or alternatively the play button 

to do a single sweep and generate a force curve. It is advisable to do this force curve 

on a rigid surface like freshly cleaved mica or clean quartz 

d. In the resulting window, right click on the approach portion of the curve (red line) 

– particularly the steep portion which is the contact regime – and Add Ruler. 

Stretch the line as much as possible by moving the endpoints to obtain a 

representative portion of the contact regime.  

e. Right click again and select Deflection sensitivity (nm/V). This value is 

automatically updated in the Advanced tab. For a gold-coated silicon nitride tip on 

mica in air, an average of 60 nm/V has been recorded.  

f. The tip will need be to away from the sample surface to obtain the spring constant. 

Click on Withdraw in the PicoView toolbar.  

g. In the advanced tab, click Thermal K 

h. Check for the key parameters and ensure they are correct: acquisition time of 1.0 s, 

averages of 10, and temperature of 20°C. 

i. Click the Full Span in the thermal K window 

j. Click the Plot button. A thermal K plot should appear, with properly pre-defined 

ranges in which the resonance frequency can be seen. You can adjust this range by 

dragging the red and green circles. 

k. Click the Compute button. The software will acquire the chosen number of scans 

and frequency averages within the chosen range. A best fit curve will be obtained 

and the integral area under it is used to output the spring constant which will be 

displayed. 
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l. More scans may be needed to allow convergence of the averages to a value so one 

or more additional computations may be required. Click Compute again.  

m. Once a stable value is obtained, click the Apply button so that the spring constant 

K is registered in the force spectroscopy window 

12. Having done calibrations in air, the next step is run the actual force volume spectroscopy 

experiments in liquids. The previous steps were also useful to determine the closeness of 

the tip to the sample which may not be easy to identify if a liquid cell is used. The following 

steps are involved:  

a. Manually lower the sample by using the Open switch on the HEB, and remove the 

sample plate. Also remove the scanner and photodiode detector and safely place 

elsewhere.  

b. Now place the liquid cell on top of the sample and pin to plate properly. Ensure the 

sample is well positioned between the plate and the cell so it properly contacts the 

tip. 

c. Fill the cell with de-ionized water to check if there are leaks around its periphery. 

Once checked, replace the water with the actual solution of interest. It is advised to 

use a hand syringe for filling the cell with liquids and also emptying the cell. 

d. Place the system under the AFM and ensure it’s well positioned 

e. Carefully re-install the scanner and photodiode detector and follow steps 4-5 

f. Ensure the mode selected in the PicoView software remains Contact  

g. In the servo dialog box, check that I and P Gains are properly set. In liquids, a value 

of 5 has been used.  

h. A Setpoint of 1.5V has been used and is therefore recommended.  
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i. Maximize the Range (μm) by entering 999 and the software will adjust to the 

maximum value possible 
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APPENDIX D. MATHEMATICAL DERIVATION OF WORK OF 

ADHESION 

For a system of interacting bodies such as a sphere and a plane, both JKR and DMT models 

described adhesion force (N) in the form of: 

 |Fadh| = αadhπRW𝑎𝑑ℎ                                         D. 1 

where αadh is adhesion characterization parameter, R is radius of sphere/plane or sphere/sphere 

area, depending on the system configuration (nm), and Wadh is the work of adhesion (N/m). 

Differences between JKR and DMT models are that αadh is 1.5 (for soft surfaces such as rubber 

and gelatin) in the former and 2 (hard surfaces such as steel) in the latter. It is known that the JKR 

model applies to large spheres with a high surface energy and low elastic moduli whereas DMT 

theory is more suited for small spheres with a low surface energy and high elastic moduli (Leite et 

al., 2012). Yet, the boundaries for classifying the magnitude of these parameters are not well 

known.  

With AFM force spectroscopy, the work of adhesion can be directly obtained from force-

displacement curves (see Figure D. 1) and as was also reported in a previous study (Afekare et al., 

2020b). As shown in Figure D. 1, Wadh is the colored area (in yellow) between the approach and 

retract curves as the AFM tip interacts with a surface. 

 

 Appendix D was previously published as Afekare, D., Garno, J. and Rao, D., 2020a. Insights into 

Nanoscale Wettability Effects of Low Salinity and Nanofluid Enhanced Oil Recovery Techniques. 

Energies, 13(17). Reprinted by permission of Energies MDPI. 
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Figure D. 1. Typical force-displacement curve using AFM force spectroscopy 

 

Let the total adhesion force measured under AFM be Fadh, with spring constant ks, cantilever 

deflection zcan, piezo displacement zpiezo, true sample-tip separation D and work of adhesion Wadh. 

It then follows that (Butt et al., 2005): 

 Fadh =  kszcan           D. 2 

 D =  zcan  +  zpiezo    D. 3 

 

At contact regime, D = 0 so that zcan equals zpiezo in magnitude but opposite in sign. Wadh from 

Figure D. 1 is equivalent to the area of a triangle expressed as: 

 𝑊𝑎𝑑ℎ =
𝐹𝑎𝑑ℎ𝑧𝑝𝑖𝑒𝑧𝑜

2
 D. 4 

or 

 𝑊𝑎𝑑ℎ = −
𝐹𝑎𝑑ℎ𝑧𝑐𝑎𝑛

2
 D. 5 
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Ignoring the negative sign in equation D. 6 (since Wadh is a physical property) and substituting zcan 

from equation D. 2 gives (Butt et al., 2005): 

 𝑊𝑎𝑑ℎ =
𝐹𝑎𝑑ℎ

2

2𝑘𝑠
 D. 7 

where Fadh is in N, zcan, zpiezo and D are in m, ks is in N/m and Wadh is in J. This expression provides 

a convenient means of obtaining adhesion work based on the adhesion force and spring constant, 

both of which can be obtained from the force-displacement curve. It also eliminates the need to 

transform hundreds to thousands of force-displacement curves (F(zpiezo)) obtained per adhesion 

map to force-distance curves (F(D)) (Lorenz et al., 2017). The spring constant was measured to be 

0.08 N/m which is the same as provided by the tip manufacturer.  

To compare data obtained herein with JKR and DMT models, the adhesion force and the 

tip radius must be known. An SEM image of the tip cleaned under UV light was obtained (Figure 

D.2) and the tip radius measured ~28 nm. The measured radius becomes an applicable parameter 

R in equation D. 1 when the tip directly interacts with the mineral substrate, for instance in brine 

solutions. However, in the presence of nanoparticles adsorbed on the surface, there are two spheres 

involved – the tip and the nanomaterial. Several authors have maintained that, for a sphere-sphere 

interaction, R becomes the product of tip radius (28 nm) and nanoparticle radius (8 nm) divided 

by their sum (Israelachvili, 2009) which is approximately 6 nm, if we assume that the tip apex 

always contacts an SiO2 nanoparticle on approaching the mica substrate.   

 



188 

 

 
Figure D.2. SEM micrograph of a gold-coated silicon nitride tip (in dark grey) used for AFM 

experiments. The area in the micrograph containing the tip apex was magnified (white box on the 

top right) to obtain a radius of ≈ 28 nm 

To compare DMT and JKR adhesion mechanics models with results from this work, the 

Wadh in equation D. 1 (N/m or J/m2) and equation D. 7 (J) should have the same units. 

Consequently, equation D. 1 was multiplied by πR2 assuming the tip has a circular surface area 

and rearranged so that work of adhesion becomes: 

 𝑊𝑎𝑑ℎ =
𝐹𝑎𝑑ℎ𝑅

αadh
 D. 8 

Next, equations D. 7 and D. 8 were applied to obtain adhesion work values (10-18J or 1aJ) 

for all experiments performed in brine solutions and nanofluids. Note that the DMT and JKR 

equations require adhesion forces to be known, which were obtained using AFM force 

spectroscopy in this study. For these experiments, it was calculated as the percentage reduction in 

Wadh from artificial formation brine (AFB) to the optimum nanofluid concentration, which was 0.5 

wt% HNP in the presence of -CH3 and -C6H5 tips and 1 wt% HNP in the presence of COOH groups. 

Note that the reference (high case) solution here is AFB and not necessarily the solution that 

generates the highest adhesion force. 
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APPENDIX E. EFFECT OF CALCITE CONTENT ON RELATIVE 

PERMEABILITY  

 

Figure E. 1. A plot of relative permeability to water (left vertical axis) and calcite content (right 

vertical axis) versus water saturation (horizontal axis) indicates possibility of dual wettability in 

TMS. As shown, the calcite content has a direct impact on water permeability curves.   
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